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C H A P T E R  1 
IN TRO D U CTIO N
1.1 Enhanced Oil Recovery Applications Overview
The United States is one of the largest consumers of petroleum products 
today. Domestically the demand for oil is rising at a rate of three to four percent 
per year, while internationally both industrialized nations and those on the rise 
are also making ever increasing demands on the world petroleum reserves. The 
U.S. known oil resource is 351 billion barrels; while the potential undiscovered 
oil is 25 to 60 billion barrels.1 The U.S. Department of Energy projects 
advancements in technology can result in 40 billion barrels in reserves growth. 
Part of those reserves will be due to enhanced oil recovery operations. According 
to the April 15, 1996 Oil and Gas Journal, in the United States, oil produced 
from EOR projects now exceeds 11% of the domestically produced oil. Overall 
worldwide production from enhanced oil recovery projects at the start of 1996 
represented 3.6% of the world’s oil production.2
From the early days of oil production up until the early 1930’s, most 
reservoirs were produced by primary recovery mechanisms until an 
uneconomical oil production rate was reached. Fluid injection into one or more 
wells gradually became accepted as a method for increasing oil recovery and 
productivity above primary production levels. Water and/or natural gas, at 
pressures where the gas is immiscible with the oil, have been the injection fluids 
used for this purpose. These processes in addition to supporting reservoir 
pressure, referred to as “pressure maintenance,” also displace some oil from the
1
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2rock pore space. Today fluid injection following a period of primary production 
is referred to as “secondary recovery”. Ultimate oil recovery resulting from both 
primary and secondary recovery is generally in the range of 20 to 40% of the 
original-oil-in-place (OOIP), although there are instances where ultimate recovery 
is significantly higher or lower than these values.
Enhanced oil recovery (EOR) can be defined as any method that increases oil 
production by using techniques or materials that are not part of normal pressure 
maintenance or waterflooding operations. Generally, enhanced recovery 
methods are divided into three broad groups: thermal methods, gas injection 
methods, and chemical methods. A summary of characteristic projects in each 
category, typical recovery performance and the number of projects active in the 
U.S. in 1996 is given in Table 1.1.
Table 1.1 Typical EOR methods.
PROCESS Typical Recovery 
(% OOIP)3
Number of Projects 
(1996)-
Thermal
Steam 50-65 105
Combustion 10-15 8
Gas(Full-scale)
CO, Miscible 5-20 60
CO,Immiscible 5-15 1
Hydrocarbon NA 14
Nitrogen NA 9
Chemical
Polymer 5 11
Surfactant 15 0
Alkaline 5 1
There are other less traditional methods, including microbial enhanced oil 
recovery (2 projects reported in 1996 O& G J.), electromagnetic processes, and oil
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mining that are not included in the table.2 In the 1980’s, thermal recovery 
accounted for the major portion of EOR production in the U.S., with an 
additional 20% of this total EOR production coming from gas injection projects. 
In this decade, gas injection appears to be on the rise as can be seen in Figure 1.1. 
The bulk of this activity is due to full-scale miscible CO, flooding.
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Figure 1.1 Production from major EOR methods.2
1.2 History of Gas Injection Processes
The use of gas for enhanced oil recovery is by no means a new concept. In fact, 
the investigation of carbon dioxide - hydrocarbon systems dates back to 1897 
when J. P. Kuenen4 studied the ethane-carbon dioxide system in the critical 
temperature and pressure region. He tested various compositions to determine 
bubble points and dew points and, while doing this, found that liquid carbon 
dioxide and ethane were miscible in all proportions. F. Squires5 received a patent 
in 1917 for an “Apparatus for and Method of Recovering Oil and Gas”. His 
patent dealt with the injection of deoxidized gas or flue gas, along with hot water
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
to recover oil and gas. The gas would transfer from the injected water and 
“carry” oil to the producing wells. The hot water was used to heat the oil so that 
the injected gas could more easily “carry” the oil. Beecher and Parkhurst6 
investigated the physical properties of crude oil combined with gases in 1929. 
Their paper includes information on viscosity, solubility, and surface tension of 
crude oil mixed with carbon dioxide, methane, hydrogen and air.
Monteclair Research, New Jersey,7 began core displacement tests using sand 
packs beginning in 1948. Their experiments indicated that a substantial recovery 
of light oil was possible with carbon dioxide or carbonated water. From this 
work, four U.S. Patents were issued in March of 1959, to J.W. Martin, et al8 
relating to the immiscible use of CO, (carbonated water) for oil recovery. 
However, the first patent for this process had been issued to Whorton et al9 in 
1952 for using C O , as a solvent for crude oil or as a carbonated waterflood.
Before 1970, even though CO, and other gases were being studied, natural gas 
(rich or lean) was the primary choice of operators for both miscible or immiscible 
continuous gas injection projects. Hydrocarbon miscible processes received 
extensive field testing in the 1950’s-1960’s in the U.S. and Canada. More than 150 
projects were initiated in this time period. A few of these projects also tested flue 
gas injection. In the 1960’s and 1970’s, operators began seeking non-hydrocarbon 
sources of gas because natural gas was unavailable in some geographic areas or it 
was becoming too expensive for re-injection. Carbon dioxide, nitrogen and flue
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
gas started to emerge as substitutes for natural gas with carbon dioxide taking the 
lead, especially for miscible applications.
During this same time period, the steam stimulation process for viscous oil 
recovery was being developed independently by both Jersey Production Research 
Co.10 and Shell Development Co." Cyclic injection, or huff-and-puff, is a single­
well process in which a slug of steam (or gas in our study) is injected into an oil 
well. The well is then shut-in for a period to soak. The same well is then put 
back on production, and if the process is successful, oil recovery will increase. 
Figure 1.2 shows a general schematic of this process.
The productivity problem for viscous oil could be solved by heating, as in the
Produce Oil, 
Water 
and Gas
'Reservoir Fluid Interactipn
Figure 1.2 Cyclic process schematic.
steam process, or by diluting with proper solvents. During the next 20 years, 
many solvents were evaluated for cyclic injection processes. These solvents 
ranged from expensive solvents such as toluene, tetrahydrofuran and low 
molecular weight alcohols to cheaper solvents such as light coker distillates,
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propane and butane. Gates and Caraway12 tested a wide variety of solvents 
including aromatic, naphthenic, parraffinic and oxygen-ring based solvents. 
They found that solvents with a low molecular weight generally were most 
effective in the reduction of viscosity of viscous crude oils. Nonetheless, these 
early solvents often lacked the cost effectiveness to be commercial.
The first public mention of carbon dioxide in conjunction with cyclic 
injection was in a U.S. Patent issued to P.C. Keith of U.S. Oil and Refining Co. 
on May 6, 1969.13 The patent contained ten claims including the use of carbon 
dioxide in conjunction with cyclic steam injection. Later, in 1986, F.S. Palmer et 
al14 mentioned that Texaco had conducted some CO , cyclic injection projects 
during the late 1960’s in California and Louisiana, but further projects were 
deferred until the 1980’s when their interest was renewed by the 1979 DOE 
publication of R.P. Shah et al’s15 evaluation of supercritical CO,.
Nitrogen and methane have been used for continuous miscible, immiscible or 
gravity drainage processes. However, there are no references to the field use of 
nitrogen or methane for cyclic injection applications. Several cyclic flue gas field 
tests have been performed with good results, though reports of these applications 
have been primarily confined to citing economic and production performance 
with little in-depth study of the relevant recovery and displacement 
mechanisms.16 Additionally, the bulk of these applications have been touted by 
nitrogen and flue gas suppliers, or small independents whose testimonials as to 
process performance appear to be discounted by the general EOR industry.
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1.3 Purpose of Study
The high oil prices and tax incentives of the late seventies and early eighties 
promoted the study and commercial application of EOR processes. This 
increased budget for EOR technology development greatly benefited C 0 2 
flooding. Although most of the research focused on full scale, continuous 
miscible CO , displacement and water-altemating-gas (WAG) treatments, the 
cyclic injection process received some attention as well. The down turn in the oil 
industry in the mid-1980’s, and the generally depressed oil prices of the last 10 
years have encouraged the study of both smaller and cheaper EOR applications as 
well as significant cost reduction and streamlined reservoir management strategies 
for profitable oil production from both large and small EOR operations. Even 
though the current economic climate has the earmark of an “oil boom”, the cyclic 
nature of the industry encourages preparedness for the inevitable downward slide. 
Cyclic gas injection, or huff-and-puff, has been found to be amenable to a wide 
range of economic conditions.
Due to the large initial investment required, full-scale gas flooding projects are 
typically implemented in large continuous reservoirs managed by major oil 
companies. In these fields, wells are arranged in patterns of injectors and 
producers. Injected solvent or gas must sweep the reservoir and efficiently 
displace oil towards the production wells. Due to this large initial investment, 
full-scale projects usually have a lengthy payout time (8-11 years on average).17
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Single-well cyclic injection can be a viable and often attractive alternative for 
both independent producers and the majors. The up-front investment can be 
small, with minimal additional equipment requirements compared to well-to-well 
operations. The process provides an almost immediate oil production increase, 
and thus, the pay-out is also more rapid than for continuous floods. In the Gulf 
Coast, where a majority of oil reservoirs are operated by small companies, 
conventional full-scale EOR projects can often be too expensive o r high risk to be 
implemented. In addition, many reservoirs are not suitable for large scale projects 
due to the discontinuous, highly-faulted, and often single-well reservoirs 
associated with Gulf Coast saltdome geology.
Immiscible cyclic gas injection processes have been primarily restricted to the 
use of pure CO, or CO, that has been slightly contaminated with reservoir gases. 
Although results indicated that cyclic CO, injection may be successfully 
implemented under a variety of conditions, application of C O , processes off­
shore, and in certain isolated locations on-shore, are limited due to CO, 
transportation costs. Off-shore application of CO, is additionally hindered due to 
the difficulties in isolating C O , contamination, and the resulting corrosion to oil 
field equipment. This has led to the search for alternatives in those cases where 
CO, application would be inadvisable.
The initial aim of this study was to evaluate methane and nitrogen for the 
immiscible cyclic injection process. Along the way, the focus of the study 
broadened, and it was deemed prudent to look at combinations of carbon dioxide
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
with nitrogen or methane to see if better oil recovery could be achieved than that 
obtained with pure CO,, and if so, what the controlling recovery mechanisms 
would be. The main target oil for this study is the residual oil remaining after 
waterflooding.
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C H A P T E R  2 
LITERATURE REVIEW
2.1 Introduction
The cyclic gas injection process is generally regarded as an enhanced oil 
recovery process, however, there are still those who regard it as another near 
well-bore “stimulation” technique, more akin to acidizing or fracture jobs than 
tertiary oil recovery. This preconception can trace its source to the inception of 
the cyclic process using steam, and later other solvents, for viscous oil recovery. 
Steam and solvents were expected to serve four primary functions in cyclic 
applications for viscous oil reservoirs. These functions included (1) viscosity 
reduction of the crude oil, (2) breaking emulsions, (3) removal of organic deposits 
such as asphaltenes and paraffins and (4) the removal of insoluble solids such as 
clays, silts and sand from in and around the well-bore. O f these functions, only 
viscosity reduction contributes to increasing oil recovery efficiency from the 
reservoir rock, and so serves as an enhanced oil recovery technique. It was this 
function for which CO, was to serve as a substitute for solvents or steam in the 
recovery of heavy oils.
In the later application o f  cyclic C O z injection to  light oils, even this viscosity  
reduction function was demoted as the primary contributor to  incremental oil 
recovery. O ther recovery mechanisms were found to  play m ore significant roles. 
These mechanisms all serve the clearly “enhanced o il recovery” purpose o f
10
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increasing the displacement and mobility efficiencies for the reservoir fluids, 
playing very different roles than traditional “stimulation” techniques.
Gas injection processes have been studied in the laboratory, modeled using 
computer simulation, and tested in the field. The results of several of these studies 
are summarized for the gases of interest. O f the various gases investigated for this 
study, CO, has been the one most commonly used. O ther gases that have been 
employed in gas injection applications include methane, rich gas, air, nitrogen, 
and flue gas. Despite the use of these gases in well-to-well processes,18,19,20"1 only a 
limited number of reports concerning their use as substitutes for CO , have 
appeared in the cyclic injection literature.16
Although the main focus of this work is the application of these gases for 
immiscible cyclic injection, results from miscible and continuous full-scale studies 
have some points of relevance. Consequently, details of these studies are also 
given where they may have some bearing or to illustrate differences and parallels 
between these different applications. In this chapter, previous work is reviewed 
for each of the gases used in the study. Details are given for laboratory work, 
numerical simulation studies and field applications, and the process parameters 
and recovery mechanisms thought to be applicable by these different studies are 
summarized.
2.2 Gas Sources and Costs
The economic success of a project is heavily dependent on the cost and 
availability of the injected gas. Potential sources of carbon dioxide are considered
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
to be the following: power plant stack gas; by-products from ammonia or other 
chemical plants; manufactured CO,, naturally-occurring sources either from oil 
field acid gas separation or natural CO, deposits; or by-products from coal 
gasification plants. Costs of CO, vary widely. For natural CO,, costs may run 
from $0.40 to  $3 per MSCF at the wellhead, while manufactured CO, costs could 
be 70 to 100% higher.20” Shell Western E&P and Mobil’s total CO, flood costs 
in the Permian Basin have declined by over 40% during the past decade. The 
1985 price in the Permian Basin was $1.30/Mcf, while the 1995 cost had gone 
down to $0.65/Mcf.~ One of the main catalysts for this decline in CO, prices in 
the Permian Basin is the large natural CO, reserves in Colorado and New 
Mexico. Shell and Mobil have actively promoted CO , pipeline sales from 
McElmo Dome in Cortez, Colorado and along with other major oil companies 
have been promoting innovative financial packages to attract independents to 
start-up CO , projects in the area.2 A smaller pipeline network delivers CO, from 
the Jackson Dome in Mississippi to south Louisiana.
In other regions, without such a CO, supply and pipeline infrastructure, the 
price of CO , is generally higher. Carbon dioxide is readily available in Louisiana 
as a by-product from several industrial processes. In particular, ammonia plants 
which are located along the Mississippi River industrial corridor between Baton 
Rouge and New Orleans produce large quantities of CO , which may be used for 
CO, flooding. CO , of approximately 98% purity is produced as a by-product of 
ammonia synthesis from natural gas. This high quality C 0 2 requires no further
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purification and can be used directly after compression and drying. A study by 
the Pullman Kellogg Co.23 for the U.S. DOE identified locations and C O z 
production rates that are potentially available in major oil producing areas.
The primary source of C H 4 is produced gas from oil or gas reservoirs. The 
availability of methane for enhanced oil recovery (EOR) processes depends on the 
amount of gas produced, presence of pipeline or other transportation system, gas 
contract specifications, market price and other variables. The price per MSCF 
will also depend on these variables.
In the 1960’s and early 1970’s, operators seeking additional volumes of gas 
generated flue gas by burning natural gas in boilers or internal combustion 
engines. Flue (or engine exhaust) gas is primarily nitrogen mixed with 10-20% 
C O z. Until 1979, the primary source of N 2 in the field was flue gas recovered 
from engine driven compression equipment or gas generators. Both flue gas 
processes had the disadvantage of containing impurities such as water vapor, CO,, 
CO and sulfide compounds. By the mid-1970’s, operators were seeking a source 
of nitrogen that had no corrosion potential, had high reliability and could be 
economically used for both large and small applications. In 1977, the first air 
separation plant appeared in the oil fields.24 Several options are now available to 
supply nitrogen for small to medium sized applications. These include both 
cryogenic air separation plants and non-cryogenic systems such as membrane 
nitrogen generation units. Large cryogenic air separation units produce nitrogen 
at a cost of $0.28 to $Q.30/MSCF (including energy).25 Smaller units produce N 2
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
at a cost ranging from $0.55 to S0.95/MSCF depending on the unit size. The 
cryogenically produced N 2 has a purity of less than 10 ppm of oxygen. 
Cryogenic plants are generally best suited to large scale permanent or long-term 
nitrogen production.
The need for a compact N 2 generation unit that is easily moved (i.e. skid 
mounted) was met with the development of membrane generation units.25 These 
units provide 95% to 99.999% oxygen free nitrogen by flowing air past a 
polymeric film that passes oxygen, carbon dioxide, and water vapor, but retains 
nitrogen. Membrane units produce nitrogen at slightly higher costs than large 
cryogenic facilities, but the price of membrane-generated nitrogen is competitive 
with smaller cryogenic systems. The average cost of nitrogen ranges from $0.28 
to $1.40/MSCF depending on the energy requirement and required compression.
2.3 Process Performance Terminology
Since the cyclic gas injection process is applied to individual wells, measures of 
process performance are needed in addition to the normal comparison of the 
percent recovery of the original-oil-in-place (OOIP). Several terms that are more 
commonly used when referring to this process are: incremental oil, gas
utilization and waterflood residual oil recovery. The incremental oil is the oil 
production in excess of that predicted by decline curve analysis based on 
continued operation of a well. It is the oil recovered solely due to the 
implementation of the process. Utilization is the ratio of the volume of gas 
(Mscf) injected per stock tank barrel of incremental oil recovered due to  the
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process. The lower the utilization the more efficient the process. Waterflood 
residual oil recovery is defined as the incremental oil recovered due to gas 
injection divided by the quantity of waterflood residual oil prior to application of 
the process.
2.4 Pressure Regimes
Depending on reservoir pressure, temperature and fluid composition, a gas 
injection process can be classified as miscible, near-miscible or immiscible.18,21 For 
miscibility to develop between the injected fluid and the reservoir oil, the 
pressure must exceed the minimum miscibility pressure (MMP). Two fluids are 
said to be first contact miscible, if when mixed together in all proportions, they 
result in a single phase. Fluids which form two phases when mixed initially, but 
develop miscibility with repeated contact during flow, due to in-situ mass transfer 
of components between reservoir oil and injection fluid, are said to develop 
multiple contact or dynamic miscibility. Neither carbon dioxide, nitrogen, 
methane, nor combinations of these are first-contact miscible with reservoir oils 
at realistically attainable reservoir pressures. Nonetheless, displacement tests in 
long cores and in sandpacked slim tubes have indicated that dynamic or multi­
contact miscible displacement is possible above the MMP of the injection fluid 
and oil combination.21
Generally, the MMP of C 0 2 with crude oil is substantially lower than the 
minimum miscibility pressures for methane, flue gas, or nitrogen, although there 
may be exceptions at high temperature.21 This is due to CO, extracting higher
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
molecular weight hydrocarbons from the oil than methane or nitrogen can 
vaporize to achieve vaporizing-gas drive miscibility. Carbon dioxide can vaporize 
hydrocarbons up to about C30 and since the range which is important in the 
generation of miscibility is C5 through C I2, this means that miscibility can be 
developed for oils having gravities as low as about 26 “API.19,21 Methane can only 
vaporize hydrocarbons in the C , through C5 range. Consequently, for methane 
to achieve miscibility at attainable pressures, a reservoir fluid must be rich in 
intermediate molecular weight hydrocarbons.21 Nitrogen is only efficient at 
extracting hydrocarbons in the C t through C4 range. Thus, the oil must be rich 
in light components to achieve miscibility with nitrogen.26
The minimum miscibility pressure for CO, ranges from about 1200 psig for 
light oils at low temperatures to over 4500 psig for heavy crudes at high 
temperatures.19,27 The presence of nitrogen or methane with the carbon dioxide 
increases the MMP substantially, whereas H 2S and SO, decrease it.28,29 Lake18 
noted that “in general it was found that the MMP decreases (solvency is 
improved) if CO , is diluted with an impurity whose critical temperature is more 
than that of CO,. While the MMP increases (solvency declines) if CO, is diluted 
with an impurity with a critical temperature less than CO,.” Several empirical 
correlations for the estimation of an oil’s MMP with CO, have been presented by 
different authors and can be used with caution if laboratory data is unavailable.30-33
As mentioned earlier, the MMP for a given oil is generally lower with pure 
methane than with pure nitrogen. Hervey34 measured the MMP of methane with
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Soltrol to be 3700 psi. For crude oils, this and higher MMP’s are typical, again 
increasing with oil °API gravity, and temperature.35 The MMP for a light 41 
°API, oil with nitrogen was about 4280 psi, but more typically MMP’s of oils 
with N 2 are above 6000 psi, increasing with oil °API, and temperature. I9-6J5*37
Correlations have also been proposed for the determination of an oil’s MMP 
with nitrogen or methane. Firoozabadi and Aziz35 compiled experimentally 
determined MMP’s for nitrogen, lean gas and methane and developed a simple 
correlation based on the data. They found that three parameters benefited 
multiple-contact miscibility of nitrogen or lean gas with a reservoir fluid: larger 
amounts of intermediate components, higher oil volatility and to a lesser degree 
the temperature. This correlation was not very accurate for the prediction of 
nitrogen’s MMP, since it was developed primarily from the results of lean gas 
miscible displacements. Another source of error is that the same correlation is to 
be used for N,, CH4 or lean gas which would inherently result in only an 
approximation.
Glaso36 and Hudgins, et al37 also presented correlations for the estimation of 
nitrogen’s MMP. Both of these correlations have an explicit dependence of 
nitrogen’s MMP on the methane content of the oil and were reasonably accurate 
for the prediction of MMP’s for several oils. However, if both nitrogen and 
methane are present the empirical correlations developed to date do not reflect 
the MMP behavior accurately.
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Dindoruk, O rr and Johns38 show that depending on the composition of the 
initial oil and the injection gas, it is possible to have a “strong dependence or no 
dependence of the MMP on CH4 content in the initial oil, o r in the injection 
mixture”. For low methane concentrations in a N ,/C H 4 injection mixture, the 
MMP is independent of C H 4 concentration, while for higher values the MMP is 
very sensitive to the C H 4 content. For a given CH 4/N 2 injection gas, the “MMP 
can be independent of initial C H 4 concentration at low values of that 
concentration, very sensitive for intermediate values, and insensitive again for 
high values”. These complexities were found to arise from the relative locations 
of the equilibrium tie lines that lie on the solution routes with respect to the 
critical locus. This study explained the reason for the seemingly conflicting 
results obtained by previous investigators for the MMP behavior of nitrogen and 
methane.
Measurements of MMP are not only influenced by phase behavior 
considerations, but also the type of porous medium used for the measurement. 
Mungan39 found that the MMP of an oil-gas system using a synthetic porous 
medium was 12.5% less than the MMP measured using reservoir rock. This needs 
to be considered when designing a field application.
2.5 Field Applications
Cyclic CO, injection has been performed in a variety of locations and under 
diverse conditions.40,41 Most field applications have been successful both 
technically and economically. Failures were typically attributed to mechanical
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problems. The extensive data available on cyclic CO , injection field applications 
has facilitated the evaluation and comparison of diverse parameters. Several 
investigators have evaluated such results, and proposed correlations, and screening 
criteria. Data is not available for nitrogen or methane cyclic gas injection field 
tests, but some data has appeared in the literature for flue gas.
Haskin and Alston40 developed correlations based on Texas Gulf Coast 
experience with 23 to 30 “API oils. They reported the results of twenty-eight 
immiscible cyclic CO, projects performed in 12 oil fields located in Texas. There 
were only nine wells which failed to produce incremental oil. Eight of these 
failures could be attributed to mechanical problems.
Haskin and Alston’s predictive correlation was based on oil viscosity (with 
and without C O J, fluid saturations, formation volume factors and solution gas 
oil ratios. The correlation did not predict recoveries very accurately for oils other 
than those on which it was based. Later, Thomas42 improved the correlation by 
turning the free gas saturation value into a variable rather than a constant.
Thomas and Monger41 evaluated 106 single-well cyclic CO , injection field tests 
conducted in Louisiana and Kentucky. Approximately 80% of the projects were 
judged successful based on CO , utilization. Attempts were made to correlate 
incremental oil recovery with reservoir/operational parameters. Correlations 
indicated that the mass of CO , injected was the best predictor of oil recovery. For 
the Gulf Coast region, Thomas and Monger found a linear correlation between 
incremental oil and volume of CO, injected. The correlation proved nearly as
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accurate as any previous empirical correlation for predicting cyclic C 0 2 injection 
response in the field/*0,43
Brock and Bryan44 reported a summary of some of the CO, EOR applications 
conducted between 1972 - 1987. Their paper summarized 21 miscible and 4 
immiscible multi-well floods, and 5 immiscible cyclic injection projects. The 
bulk of projects presented were technical successes, while some were considered 
marginal economic successes due to the depressed oil price during the time frame 
covered by the report.
B.J. Miller et al45 presented the field results of 390 CO, cyclic injection 
treatments performed in 240 wells located in the Appalachian Basin, Big Sinking 
Field. The bottom hole pressure was 150 psi at a temperature of 68°F. They 
proposed that relative permeability effects were the primary oil recovery 
mechanism.
Bardon et al46 performed a systematic evaluation of recovery mechanisms for a 
depleted oil reservoir in the Big Sinking Field. The gas was obtained from a 
formation underlying the oil-bearing zone and consisted of 73% C 0 2, 6.2% N 2, 
5.6% CH4, 13.8% C2H 5, and 1.4% C3+. Cyclic gas injection was found to increase 
well productivity. They found that relative permeability effects were the primary 
factors responsible for oil recovery.
Simpson47 found that oil swelling was the primary mechanism for pressure 
depleted reservoirs while wettability changes, interfacial tension reduction and
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hydrocarbon vaporization were primary contributors for near-miscible and 
miscible applications.
Most reported field cases for CO , cyclic injection have been performed in 
sandstone reservoirs. Wehner and Prieditis48 of Texaco report the results of a 
primarily miscible application performed in the shallow shelf carbonate deposits 
in the Permian Basin, Texas. Although continuous miscible CO , flooding is the 
method of choice in this region, Texaco decided to investigate the use of cyclic 
injection “as a near-term option” due to its attractive payout time, and low 
investment requirements while they waited on positive cash-flow from their full- 
scale CO, floods. Preliminary results of the field demonstration were promising 
with a slight increase in oil production and little water production. It is expected 
that the production will increase in the future. This has been the experience of 
other operators who have applied cyclic CO, injection at miscible conditions.
References in the literature to the use of gases other than CO , for immiscible 
cyclic injection are very scarce. No screening criteria or design guidelines are 
available for process application of these gases. A few references to field tests using 
flue gas, which is a mixture of approximately 15% CO, and 85% nitrogen, and 
rich gas can be found in the literature.
Shelton and Morris49 utilized cyclic rich gas injection to improve production 
rates in viscous oil reservoirs. The rich gas employed in the field tests consisted of 
methane enriched with propane. Field test results indicated that rich gas could be 
used to increase the oil recovery rates of viscous oils, however some wells did not
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show a significant response. The most important recovery mechanisms were oil 
viscosity reduction and increased reservoir energy.
Nitrogen and flue gas are used in the following field applications: immiscible 
displacement, multi-contact miscible displacement, gravity drainage enhancement, 
pressure maintenance, and as a driving fluid for a miscible slug. Clancy et al2+ 
report five immiscible nitrogen displacements. The N 2 being injected in the field 
cases noted serves the primary role of pressure maintenance and gravity drainage.
Johnson, et al.16 and Clark, et al.,50 in separate applications, reported the results 
of cyclic flue gas injection for the improved recovery of moderate and heavy oils. 
Field test results indicated that the process was cost-effective.
Troutman Oil Company16 has been using treated flue gas in a process it calls 
TwinCO,, since 1979. This process is actually cyclic gas injection using flue gas. 
The utilization efficiency for these applications ranged from 3 to 7 Mscf/STB. 
Multiple cycles were required to keep production profitable, so that the gas 
generation and compression equipment could be continuously used. A typical 
cycle for 48 wells, required the injection of flue gas into six wells over a three 
week period, a 24 hour shut-in period and then placing all six wells back on 
production for approximately 21 weeks. As these wells were produced, gas was 
injected in the remaining 42 wells in groups of 6. After all the wells had been 
stimulated, flue gas was again injected in the initial 6 wells and the process was 
repeated. About half of the injected gas was produced during the flow back 
period and was vented, with the remaining gas being retained by the reservoir.
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O n average, production reached 1.3 to 5 BOPD. It appears that the process relies 
heavily on pressure maintenance.
2.6 Numerical Simulation
2.6.1 Introduction
The complexity of displacement mechanisms in the gas injection process 
generally precludes an accurate prediction of reservoir performance by empirical 
correlations. Often physical model studies are performed in the laboratory, yet 
these are often time consuming, and for field studies, proper scaling can be 
difficult. Consequently, some investigators have used numerical models which 
attempt to accurately portray the physical phenomenon occurring in the 
reservoir or corefloods.
Reservoir simulators are rooted in solving systems of equations based on the 
conservation of mass, momentum or energy for a system, and incorporating 
among other things, an equation of state, phase and fluid property behavior, flow 
displacement equations, and other options.
An equation of state (EOS) relates pressure, temperature, and molar volume 
for a single component or mixture. The simplest EOS is the ideal gas law. Two 
parameter type EOSs are based on Van der Waals equation which accounts for 
interaction forces between molecules and for the volume of the molecules 
themselves. Most simulators use cubic equations of state which incorporate 
mixing rules for multi-component systems. EOSs provide an accurate method 
for estimating fluid densities based on temperature, pressure and composition
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data. By applying several thermodynamic relationships, they can also be used to 
determine thermodynamic properties such as fugacity, enthalpy, entropy and 
Gibb’s free energy for a mixture which leads to determining liquid-vapor phase 
behavior.
The recent advances made in the area of crude oil characterization have made 
the use of a cubic equations of state (EOS) such as Peng-Robinson (PR) or Soave- 
Redlich-Kwong (SRK) more popular for the correlation of fluid properties. 
Generally these two EOSs are the most often used. Schmidt and Wenzel51 (SW) 
also proposed a three parameter cubic EOS, which yields a component dependent 
critical compressibility factor. This EOS has the same data requirements as the 
PR and SRK equations; one must have the critical temperatures, pressures, and 
the acentric factors of all the components.
Schmidt and Wenzel demonstrated that their EOS predicted the density of 
pure components more accurately than either the PR or SRK equations. Clancy 
et al52 have shown that the SW EOS prediction of natural gas density is in 
excellent agreement with experimental data. Firoozabadi et al53 compared the SW 
and PR EOSs for computing the multi-component two-phase compressibility, 
CO,/water and hydrocarbon/water phase behavior, and the gas and liquid phase 
densities. These densities were then compared with experimental data and 
confirmed the superiority of the SW EOS. Although not yet available 
commercially, the use of the SW EOS for compositional simulation models of gas 
injection processes would be a good choice.
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Black oil and compositional models have been used for modeling gas injection 
processes. The black oil model considers three phases: oil, gas and water but 
ignores the specific components of a system. It accounts for reservoir effects, such 
as viscous fingering more accurately than traditional compositional models. 
However, it should not be used for prediction when operating parameters change, 
because of the sensitivity of the mixing parameters especially in the case of 
miscible or near miscible regimes. For a purely immiscible project, a modified 
black oil model has generally been found to be sufficient.
Compositional simulators use an equation of state in conjunction with a finite 
difference solution of the flow equations. Thus, component partitionings are 
represented. The computational requirements to solve the resulting discrete 
systems of equations is very large, and in the past, limited the use of these 
simulators. Compositional models are often used to design CO, miscible and 
near-miscible floods. These models generally incorporate CO, phase behavior 
effects at the expense of good geological description. Additionally, they, generally 
do not represent the effects of viscous fingering.
More recently, modeling has advanced from utilizing modified black oil and 
compositional models to field-scale compositional-areal models which incorporate 
the advantages of both black oil and traditional compositional models. 
Compositional 3D, areal models, although more complex than normal 
compositional models, incorporate representative geology and production history
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of the area with phase behavior effects, and so can yield better results than either 
the black oil or compositional models.22 
2.6.2 Simulation of Gas Injection Processes
For miscible continuous C 0 2 injection projects, two free software programs 
were developed in the 1990’s. Shell developed the CO , Flood Scoping Program, 
this is a PC spreadsheet tool, which incorporates dimensionless recovery curves 
calibrated to CO, water-altemating-gas flood performance for reservoirs in the 
Permian Basin.22 PC Prophet is another free program which was developed by 
Texaco and the U.S. DOE. This program can be used for a broader range of 
applications than Shell’s program. It generates streamtubes between the injection 
and production wells and then performs displacement and recovery calculations. 
In well understood reservoirs with fixed injection patterns and where the CO , 
project did not alter the streamtubes, PC Prophet was found to be sufficient for 
the design of a full-scale CO , flood, and more elaborate reservoir simulation was 
not needed. No publicly available programs exist for such scoping and modeling 
of cyclic gas injection processes.
Commercial simulators normally do not directly incorporate a number of the 
flow mechanisms thought to be important in the cyclic injection process. These 
include increases in the gas-oil capillary pressure during the soak and increases in 
the oil relative permeability curve during the production phase.48 Investigators 
have used both black oil and compositional simulators to model the cyclic
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injection process, generally using gas relative permeability hysteresis to adapt the 
well-to-well displacement model to the flow requirements.54,35
Emanuel et al56 performed a series of decline curve analyses for individual 
wells in which the cyclic CO, injection process had been implemented, and 
compared the results to 2D and 3D compositional models developed for these 
same wells. The intent of the study was to develop the models in a forecast 
mode, generating the well response from measured data rather than changing the 
model parameters to history-match. They found that 3D modeling was not a 
practical tool for screening purposes given the number of parameters needed for 
predicting cyclic CO, injection response. Decline curve analysis led to a 
qualitative indicator of well performance for the process due to the required 
simplifications when using this method. It appears that little advantage was gained 
by these two methods over empirical correlations, for the screening of cyclic 
CO , injection applications when data was insufficient.
Patton et al (1982) conducted a parametric study of the immiscible cyclic CO, 
injection process based on numerical simulations of heavy oils with a viscosity 
range of 177 to 28,000 cp. There was no attempt to history-match actual field 
data. A multiple regression analysis of 200 data points was used to relate efficacy, 
defined as incremental oil per volume of carbon dioxide injected (STB/Mscf), to 
the following parameters: number of cycles, oil viscosity, sandface treatment 
pressure, permeability, oil saturation, and CO, volume/cycle. The result of this 
analysis is given by the following equation.
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The use of this equation was recommended only as a guide since displacement 
mechanisms and other pertinent parameters were not reflected in this correlation. 
The oil was assumed to be dead, and the process was simulated at immiscible 
conditions. The most important operational parameters indicated by this study 
were treatment pressure, treatment volume, back-pressure on the well during the 
production phase (or pressure drop), and the number of cycles.
Hsu and Brugman57 used a compositional simulator to model a near-miscible 
cyclic C 0 2 injection application for a light oil reservoir located in the Paradis 
Field in Louisiana. Once the model was tuned via history matching, the effects of 
several process parameters on oil recovery were investigated. It was found that 
incremental oil recovery declined with additional cycles, variation of soak time 
from 5 to 40 days had little effect, and the slug size was the most important 
parameter affecting oil recovery. Their model showed that injected CO , pushed 
water away from the wellbore and so reduced the post-CO, injection water cut. 
They concluded that hydrocarbon vaporization, oil swelling and viscosity 
reduction were the primary recovery mechanisms.
Denoyell and Lemonnier54 used relative permeability and capillary pressure 
curve hysteresis to model the immiscible CO, cyclic injection process for both a 
light and a heavy oil reservoir. Due to the lack of PVT data, they modeled the 
process using the black oil option for their simulator. They concluded that two
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primary effects led to incremental oil recovery for light oil: gas relative 
permeability hysteresis (imbibition and drainage) which led to gas and water 
blocking during the puff or production phase and a reduction in the residual oil 
saturation. For the heavy oil, the main effects leading to increased oil recovery 
were oil viscosity reduction and gas relative permeability hysteresis due to 
drainage and oil swelling.
2.7 Cyclic Process Parameters
Carbon Dioxide has been the primary gas studied for gas injection processes 
and many process parameters for its application have been examined and 
clarified. The past 15 years of laboratory, simulation and field experience have 
validated CO , cyclic injection as a feasible EOR process. While it was originally 
thought to be an alternative to cyclic steam for heavy oil recovery, it is now 
finding wide application and acceptance as a complete and independent process 
for the recovery of light oils.8,40’41,49,58
2.7.1 Reservoir Pressure
As mentioned earlier, miscible conditions exist when the reservoir pressure is 
above the MMP. Near-miscible conditions arise when the reservoir pressure is 
less than the MMP but is higher than the injection fluids vapor pressure. While 
immiscible conditions prevail when the reservoir pressure is less than both the 
MMP and the vapor pressure (i.e. CO, is in the gaseous state).
Monger, Ramos and Thomas58 investigated the cyclic CO , injection process in 
the laboratory, and compared three pressure regimes, miscible (MI), near-miscible
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(NM) and immiscible (EM). The data they obtained with Timbalier Bay crude oil 
is plotted in Figure 2.1.
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Figure 2.1 Effect of pressure on cyclic CO, performance.38
As can be seen from this figure, C O , utilization improves with declining 
pressure (or CO, density) and is best for the immiscible case, while maximum oil 
recovery is obtained for the near-miscible and miscible pressure regimes. It 
should be noted that the density ranges in Figure 2.1 are approximations. The 
estimated MMP of the Timbalier Bay crude oil with carbon dioxide using Holm  
and Josendal’sJ0 correlation at 114 °F was approximately 1980 psia and at 78 °F, it 
was approximately 1130 psia.
Field tests confirmed these laboratory studies. Thomas and Monger41 
evaluated 106 field tests performed under diverse pressure regimes. They found 
that lower incremental oil was recovered under immiscible conditions, w ith the 
oil recovery increasing with pressure. Although, as in the laboratory studies, the 
best utilizations were obtained at immiscible conditions. In their study, there 
were few wells at miscible conditions, so the comparison of relative recovery
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efficiencies at miscible conditions versus near-miscible conditions are subject to 
error.
2.7.2 Slug Size
A slug is defined as the volume of fluid to be injected in a cycle. Slug size is 
one of the essential operational parameters that needs to be optimized for both 
technical and economic success of a cyclic gas injection application. Typical CO, 
injection volumes have ranged from 6 MMSCF to 21 MMSCF with an average of 
about 8.7 MMSCF (500 tons).39
Several studies have examined the effect of slug size on process performance. In 
the case of immiscible cyclic injection, Monger and Coma60 found that the oil 
recovery improved linearly with the volume of immiscible gas injected for a 
linear flow geometry (laboratory cores). In a later study of Gulf Coast CO , cyclic 
injection field projects, Monger and Thomas41 found a reasonably good linear 
correlation between incremental oil recovered and slug size. The overall trend 
indicated that increasing amounts of injected C 0 2 resulted in higher oil recovery. 
Haskin and Alston40 analyzed field data and found that injection of larger 
volumes of CO, resulted in greater incremental oil recovery.
Other investigators have found either an increasing, but not necessarily linear 
trend, or an increasing trend which slowly tapered off and was optimized at a 
given slug size. Later experiments by Monger et al5S showed that although oil 
recovery increased with slug size, the relationship was not linear. Thomas55 used a 
numerical simulator to history-match laboratory data for miscible applications
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and found that oil recovery initially increased with slug size until an optimum 
was reached, after which the recovery efficiency remained constant. It was 
postulated that slug sizes larger than the optimum pushed some oil so far from 
the production port (well) during gas injection that it was trapped by the 
encroaching water during the production stage.
Miller43 observed that depending upon the type of reservoir, there may be a 
minimum CO, slug size needed to maximize process performance. The recovery 
efficiency improved up to a point, beyond which any additional CO , injected 
caused a decrease in process efficiency (i.e. utilization). Simulation studies by 
Denoyelle and Lemonnier54 indicated a similar trend for light oil, although they 
concluded that the slug size was not an important parameter for maximizing oil 
recovery. Haines and Monger61 performed laboratory and simulation studies, of 
cyclic injection using natural gas. They found that increasing the slug size, 
increased incremental oil proportionally, but process efficiency (i.e. utilization) 
declined with increasing gas volumes. The final consensus as expressed by Bath19 
is that the amount of oil recovered usually increases with slug size, but the return 
becomes progressively less.
2.7.3 Soak Time
Soak time is another operational parameter that needs to be optimized for 
economic as well as technical success of a project. The period after which 
additional shut-in time does not improve oil recovery is the optimal soak period, 
since a longer shut-in time will only postpone payout. In the laboratory, Monger
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and Coma60 found that a soak time was required for improved oil recovery, 
however studies were not performed to determine the optimal soak time.
Texaco tested the feasibility of immiscible C 0 2 cyclic injection on 28 wells in a 
Texas Gulf Coast Miocene reservoir.62 Based on incremental oil recovery, these 
tests showed that, for these reservoirs, a soak period of 2 to 3 weeks seemed better 
than shorter or longer times. In contrast, Chevron conducted a field test in a 
bottom water-drive sandstone reservoir in Timbalier Bay, Louisiana and found 
that a soak of about 7 weeks resulted in better oil recovery than a 4 week soak.63 
Field tests on 65 wells in a pressure depleted Appalachian Basin field located in 
eastern Kentucky indicated that a one week shut-in period usually resulted in 
good performance for light oil recovery. Longer soak times were not compared, 
so it is not known whether oil recovery was maximized for this short a soak 
time.64 The soak period appears to be generally between 2 to 8 weeks for cyclic 
CO , injection into light oil reservoirs.59
2.7.4 Multiple Cycles
For C 0 2 cyclic injection, laboratory, simulation and field tests all indicate a 
decline in process performance with additional cycles.55,58’60 The ultimate number 
of CO , injection cycles to be performed depends on the economic feasibility, 
since the performance declines with subsequent cycles.
In a laboratory study of methane cyclic injection at immiscible conditions, 
Haines and Monger61 found that the second cycle performance with methane was
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even better than the first cycle performance. This was later confirmed by 
experiments performed in the LSU Petroleum Engineering Department.64
No studies using nitrogen for immiscible cyclic injection applications appear in 
the literature other than those performed in the LSU Petroleum Engineering 
Department.64 Similar to CO,, it was found that nitrogen process performance 
declined in a second cycle. In addition, a report of a cyclic flue gas injection 
application indicated that multiple cycles were required for the economic success 
of project.16
2.7.5 Injection Rate
The results of several CO , cyclic injection field tests performed by Texaco in 
the Paradis field west of New Orleans indicated that the faster the rate of 
injection, the further the CO , fingered into the reservoir, which resulted in CO , 
contacting more oil.14 Another field test in the West Cote Blanche Bay sand 
reservoir also conducted by Texaco showed a similar result.
Patton et al43 illustrated via simulation that the adverse mobility ratio of CO, 
with viscous reservoir fluids, increased viscous fingering, which propagated the 
CO , deeper into the reservoir so that more oil was contacted and so produced. 
For lighter oils, this fingering would probably be somewhat reduced.
In laboratory experiments performed by Ramos66 at near-miscible conditions 
in Berea cores, it was found that C 0 2 utilization was minimized at an 
intermediate injection rate, however, recovery efficiencies were not directly 
comparable since different slug sizes were used. The data from experiments
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performed by Karim67 at immiscible conditions were inconclusive due to 
mechanical problems encountered midway between experiments. In general, it 
appears that most operators inject gas as fast as possible, but below the formation 
fracture pressure. In gravel pack wells, the rates are reduced so as not to exceed a 
predetermined pressure drop across the gravel pack. 59
2.7.6 Gravity Segregation
At immiscible and near-miscible conditions, CO, is typically lighter than oil 
or water. This results in CO, overriding the reservoir fluids. In well-to-well 
floods, this has been found to be detrimental to performance.18 Wolcott et al68 
investigated the effect of gravity segregation on immiscible cyclic CO , recovery 
efficiency using corefloods performed in three ways. A horizontal core was 
either continuously rotated, not rotated at all or rotated only during the soak and 
production phase. It was found that gravity segregation effects impacted the 
process only during CO, injection. Surprisingly, gravity segregation was actually 
beneficial to the process performance since the poorest oil recovery and 
utilization were obtained in the case where the core was rotated continuously (no 
segregation effects). The recovery and utilization were very similar when the 
core was not rotated at all or rotated only after the CO, was injected, hence it was 
concluded that unlike well-to-well applications, gravity effects were not 
detrimental to the cyclic injection process. This was thought to be due to gas 
override facilitating deeper penetration of gas into the reservoir.
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2.7.7 Presence of Initial Gas Saturation
Thomas53 investigated the influence of an initial reservoir gas saturation by 
performing several laboratory corefloods below and above the bubble point 
pressure of the a live crude oil. The experiments performed below bubble point 
pressure consistently gave better results than those performed above bubble-point 
pressure. This trend could have resulted from several synergistic phenomenon 
including: the presence of an initial reservoir gas saturation, the potentially 
beneficial effect of shifting from a miscible toward a near-miscible pressure 
regime, and the larger pore space occupied by CO, at the lower pressure.
Field results also indicate that an initial gas saturation is beneficial to process 
performance. Thomas and Monger41 found that saturated reservoirs containing a 
free gas saturation were successful cyclic injection candidates. Similar results were 
obtained for continuous immiscible injection of CO, into the pressure depleted 
Marmaton field where unexpectedly high oil recoveries were attributed to  the 
large free gas saturation initially present.69
2.7.8 Impure CO, and Other Gases
In the field, CO, is often recycled back from the production stream to save on 
gas injection costs. This recycled C 0 2 is usually contaminated with methane. 
Thomas53 performed corefloods at immiscible conditions (1000 psig). The gas 
contained various amounts of methane mixed with CO,. Surprisingly, the 
maximum oil recovery for two cycles occurred when pure methane was used. It 
was found that when pure methane or lower concentrations of CO , with
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methane were used, most of the oil was recovered in the second cycle. As the 
amount of methane decreased, the normal trend with CO , was re-established, 
with a decline in recovery in the second cycle. The good second cycle results with 
methane were attributed to the residual gas saturation retained in the core after 
the completion of the first cycle.
The results obtained by Thomas contributed to the idea of comparing several 
pure gases with C 0 2 for the cyclic injection process. The idea was slowly 
developing that perhaps other gases could be as good or better than C 0 2 for 
cyclic gas injection. It should be noted that this set of experiments and the 
experiment described in the Drive Gas section were the first indication of an 
alternate gas perhaps benefiting process performance. At the time of Thomas’ 
experiments, the results were interpreted from the stand point of CO , being the 
primary contributor to oil recovery. Where this was in doubt, the experiments 
themselves were thought to have been poorly performed and the results invalid.
Recent reproducible experiments performed using pure methane65 resulted in 
recoveries very close to pure carbon dioxide recoveries. It is now believed that 
the very high results obtained by Thomas for “pure” methane were due to 
contamination of the methane with a very small amount of C 0 2, which the study 
outlined in this report will show maximizes oil recovery.
Hains and Monger61 also performed laboratory corefloods using natural gas 
There results also indicated that methane could be used instead of C 0 2 with a 
favorable outcome.
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2.7.9 Drive Gas
Laboratory coreflood and field-test results have indicated that better oil 
recovery and utilization are possible when CO, penetrates the reservoir more 
deeply.41'60 Deeper penetration can be achieved by using larger slug sizes, which 
have already been shown to improve recovery or by using a drive gas. Nitrogen 
has been used successfully in well-to-well applications for this purpose.70
Berzins68 performed one cyclic injection experiment in which CO, was chased 
by nitrogen. More than twice the oil was recovered as compared to using CO, 
alone. The results were inexplicable since even more oil was recovered, than 
would have been recovered if a comparable slug of CO , had been injected. Since 
only one experiment was performed, the results were thought to be potentially 
invalid. Nonetheless, additional experiments and analysis were indicated.68 This 
experiment and the aforementioned results by Thomas35 were the impetus for 
further investigation of gas combinations.
2.8 Recovery Mechanisms
The recovery mechanisms thought to be responsible for incremental oil 
recovery from the cyclic CO, injection process are: oil swelling, and the 
corresponding reduction in viscosity and interfacial tension, relative permeability 
effects, solution gas drive, increased injectivity, and hydrocarbon vaporization.
For immiscible applications, oil swelling, viscosity reduction and relative 
permeability effects are the most important mechanisms. While at near-miscible 
conditions, hydrocarbon vaporization’s role also becomes significant. The
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interfacial tension declines with increasing reservoir pressure and so is an 
especially important recovery mechanism for miscible and near-miscible 
applications. Increased injectivity plays a larger role for CO , cyclic injection 
applications in carbonates than for sandstones.
2.8.1 Swelling
Oil swelling is important for two reasons, first the residual oil left in the 
reservoir after flooding is inversely proportional to the swelling factor; that is, 
the greater the swelling, the less stock tank oil abandoned in the reservoir. 
Second, it is postulated that the swollen oil droplets can force water out of pore 
spaces, creating a drainage rather than imbibition process for water-wet systems. 
Drainage oil relative permeability curves are higher than corresponding 
imbibition curves, thus favoring oil flow at any given saturation condition.
Simon and Graue72 used experimental data to develop correlations for the 
prediction of the solubility, swelling, and viscosity behavior of CO , and crude oil 
systems. Experimental conditions covered a range of 100 to 250 °F and pressures 
up to 2300 psia. They concluded that swelling is not only dependent on the 
amount of dissolved carbon dioxide, but also on the size of the oil molecules.
The swelling data in the literature was found to be inaccurate for pressures 
below 1000 psia. Consequently, swelling data for CO,, N , and C H 4 was collected 
in our laboratory at the temperature and pressures of interest by John Kelly73 as 
part of his senior project. These results are presented in Figure 2.2. It can be seen
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that the oil swelling with C 0 2 is much higher than that for either methane or 
nitrogen
. Additionally, at higher pressures, methane swells the oil more than nitrogen. 
Chevron26 compared C 0 2 vs. N : swelling of a condensate oil (41 °API) from the 
Painter field at high pressures and 164 °F. They found that swelling of the 
reservoir oil due to solubilization of nitrogen was negligible at pressures ranging 
from 4,000 to 5,500 psia, while swelling caused by dissolved C O : was 1.1 to 2.4
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Figure 2.2 Swelling of Timbalier Bay oil by pure gases at 80 F. 73
times the original oil volume for this same pressure range.
The effect of the presence of brine on oil swelling was investigated by Monger 
and Zammerilli.29 They found that, depending on the oil’s aromatic content and 
the gas used for injection, the presence of brine either decreased the swelling, 
especially at pressures above the bubble point, or had little effect on swelling for 
oils with a higher aromatic content.
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2.8.2 Viscosity Effect
The viscosity of a fluid is a measure of its resistance to flow. Viscosity is an 
important factor in the balance of forces at the pore level, as it is a component in 
the description of both capillary and viscous forces. An accurate measurement or 
estimation of fluid viscosity is also required to evaluate oil recovery efficiency.
The overall recovery efficiency is the product of the following individual 
process efficiencies: areal sweep, vertical sweep, displacement, and mobilization 
efficiency. Both areal and displacement efficiency are functions of the mobility 
ratio, and therefore functions of the fluid viscosity ratio. The balance of capillary 
to viscous forces is one of the main contributors to mobilization efficiency. As 
CO, gas saturates a crude oil, a large reduction in the viscosity of that oil occurs. 
The viscosity of CO,-saturated oil can be one-tenth to one one-hundredth of the 
original viscosity. An example of this reduction is shown in Figure 2.3 based on 
data from Miller and Jones.74 N ote that a larger percentage reduction in the 
viscosity occurs for the more viscous crudes. Thus, the viscosity reduction and 
its effect on mobility ratio is more significant for medium to heavy crude oils and 
not as large for low viscosity oils. The effect on higher viscosity crude’s (>  20cp) 
has been documented in core floods by Holm75 and deNevers.76
Clark et al50 attributed the increased oil rates for flue gas field applications to 
decreased oil viscosity from the carbon dioxide absorption into crude. Denoyelle 
and Lemonnier54 also found oil viscosity reduction to be important for heavy oils 
but not very significant for light oils.
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Figure 2.3 Viscosity reduction of Wilmington oil due to  C 0 2.74
Carbon dioxide is the only gas with appreciable solubility in water over the 
temperature and pressure ranges studied.77 When C 0 2 dissolves in water, the 
water viscosity is increased slightly78 and the water density is slightly decreased.79 
These changes in water viscosity and density were thought by the investigators to 
be too slight to contribute to  oil recovery, although there is room for question.
2.8.3 Relative Permeability Effects
Relative permeability is the concept that is often used as a framework for 
describing 2- and 3-phase flow of immiscible fluids through porous media. The 
term permeability historically has been adopted as a measure of a porous rock’s 
ability to conduct fluid. If only one fluid is present, this transport coefficient is 
called the specific or absolute permeability. Relative permeability is the ratio of
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the effective to the absolute permeability. Just as absolute permeability has the 
sense of a transport coefficient that appears in Darcy’s equation for single-phase 
flow, effective and relative permeability functions also can be thought of 
analogously as important transport coefficients for describing multiphase flow.
Relative permeability is defined as a direct measure of the ability of the porous 
system to let one fluid flow when one or more fluids are present. Craig80 stated 
that the factors, pore geometry, wettability, fluid distribution and saturation 
history, influenced flow properties and thus relative permeability.
When wettability is not altered, the effect of relative permeability on the cyclic 
gas injection process has been thought to contribute to oil recovery in two ways: 
gas and liquid drainage/imbibition hysteresis and the reduction in water 
saturation near the wellbore.
Fluid flow processes are irreversible from a thermodynamic point of view, 
meaning that they are path-dependent. This path dependence of measurements is 
referred to as hysteresis. This means that effective and thus relative permeability 
data measurements are functions of history and the sequence of the prior 
saturation changes as well as being functions of fluid saturation levels. 
Consequently, the relative permeability measured for a given set of fluid 
saturation conditions can be different depending on whether the wetting fluid 
displaces the non-wetting fluid or visa versa. When the non-wetting fluid 
displaces the wetting fluid, the process is termed drainage, and when the wetting 
fluid displaces the nonwetting fluid, it is termed imbibition.
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As previously stated in their investigation of the cyclic CO , injection process, 
Denoyelle and Lemonnier54 concluded from numerical simulation results that gas 
relative permeability hysteresis leading to gas and water blockage was one of the 
primary recovery mechanisms in watered-out reservoirs containing light oil.
The analysis of field results, and computer simulation led Miller et al45 to 
conclude that the primary recovery mechanisms for their immiscible carbon 
dioxide applications were a shift in the CO,-saturated water/oil relative 
permeability, and the formation of a trapped gas saturation within the water 
phase which resulted in a significant decrease in the water relative permeability 
end point.
Using corefloods, computer simulation, and field data evaluation, Bardon et 
al46 concluded that neither swelling, viscosity reduction, gravity drainage, rock 
dissolution nor drainage/imbibition hysteresis could fully explain the high level 
of incremental oil produced. It was concluded that carbon dioxide dissolution 
both in the formation brine and oil, combined with trapped gas saturation, 
resulted in a reduction of the residual oil saturation and thus a modification of the 
water and oil relative permeabilities. This could then account for the favorable 
oil recovery. The oil saturation reduction is thought to be due to either a 
decrease in water-oil interfacial tension or wettability modification.
Wehner and Prieditis48 determined by simulation that entrapment of CO , by 
gas hysteresis was the dominant recovery mechanism during cyclic CO, injection 
under miscible conditions performed in a carbonate deposit. This was concluded
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because no incremental oil was predicted by the simulation model if a trapped gas 
saturation, generated by gas relative permeability hysteresis, was not used. There 
is some question concerning these results, since the application was performed at 
pressures well above the MMP, and theoretically, at least, gas trapping should not 
have been a critical factor.
Patton et al43 theorized that, during the production or puff phase, immobile 
trapped gas would block the flow of oil and thus have a negative effect on oil 
recovery. It was thought that this supposed negative effect was offset by the gas’ 
compressibility which would supply extra energy by expansion as the reservoir 
pressure declined. These results can also be interpreted in a different way, since a 
trapped free gas saturation can improve the displacement efficiency. 
Consequently, instead of having a negative effect on oil recovery, the gas 
saturation can be the primary contributor to oil recovery.
Other findings that were of interest from the Patton et al43 study were that 
higher incremental oil was obtained with high water saturations, and a shift 
toward oil wetness reduced the effectiveness of the treatment.
2.8.4 Interfacial Tension Reduction
Surface tension is a measure of the attractive force acting at a boundary 
between two phases, such as between a gas and a liquid. If the two phases are 
liquid, for instance water and oil, this attractive force at the interface is called 
interfacial tension (EFT). Since a reduction in interfacial tension reduces the
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capillary effect, reduced EFT enables the viscous forces which are represented by 
Darcy’s equation to more effectively displace the crude oil.
Interfacial tension is minimized at miscible conditions, so IFT reduction is 
thought to be one of the primary oil recovery mechanisms for miscible, and to 
some extent, near-miscible conditions. Carbon dioxide is soluble in both the oil 
and water phases, and so reduces the oil/water interfacial tension forces. This 
reduced interfacial tension is thought to facilitate oil flow.39 Simpson46 proposed 
that interfacial tension reduction was an important oil recovery mechanism at 
near-miscible and miscible conditions.
2.8.5 Solution Gas Drive
Early on, solution gas drive was proposed as a cyclic gas injection oil recovery 
mechanism due to the repressurization which often accompanies gas injection. 
As the gas is injected and the pressure in the reservoir increases, more of the 
injection gas dissolves in the crude oil. When the well is put back on production, 
and if there is no water influx or only a weak water drive, the pressure will 
decline and gas will evolve out of the oil and displace some incremental oil.
This mechanism of blow-down recovery is similar to solution gas drive during 
the normal primary production depletion of an oil field. Holm and Josendal81 
have shown that up to 18.6% of the oil in place can be recovered by CO, solution 
gas drive, while Wang and Locke82 found blow-down recoveries from 4.73 to 
8.55% for a mineral oil system. In high viscosity crudes, Klins and Farouq Ali83 
found solution gas drive recoveries form 0.3 to 2% of the original oil-in-place.
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
More recently, Monger et al5g performed calculations to estimate the 
contribution of a CO, solution gas drive for laboratory corefloods. They 
concluded that solution gas drive was not a very important recovery mechanism 
for their study.
Patton, et al43 concluded that with high treatment pressures, where treatment 
pressure refers to the maximum reservoir pressure allowed during the CO, 
injection, more CO, was dissolved into the oil and promoted a beneficial decrease 
in oil viscosity. Consequently, it was recommended that wells be treated at the 
highest injection rate possible below the fracture pressure of the formation. A 
conclusion of interest was that at high back-pressures (or low pressure drops) 
production consisted mainly of gas and water. High pressure drops were 
required to increase productivity. They postulated that, for low pressure drops, 
some of the oil was displaced from around the well bore during gas injection, 
leaving the oil deeper in the formation during the production stage. Following 
this reasoning, it would mean that, during gas injection at high pressure drops, 
the gas less efficiently displaced the oil away from the well bore (i.e. gas fingered 
around oil) and therefore more oil remained near the wellbore where it was more 
easily produced. This reasoning may be valid, but this phenomenon could also be 
explained by reference to  the balance of the capillary to viscous forces. In the 
absence of gravity effects, viscous forces must overcome capilarity to mobilize the 
oil ganglia. A higher pressure drop would increase the viscous forces so that 
more oil could be recovered.
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2.8.6 Increased injectivity
Carbon dioxide water mixtures form carbonic acid (H2C 0 3) and may dissolve 
some of the carbonate portions of the reservoir rock to improve injectivity, 
especially around the wellbore where large volumes of CO, and water pass. In 
shales, carbonic acid stabilizes clays due to a reduction in pH. Stabilization of 
clays also helps to improve injectivity.
There is, however, a possibility that CO , injection may cause a reduction in 
injectivity. Dissolution of carbonate materials may free unreacted reservoir fines 
to flow and later plug downstream pore channels. Also, plugging due to the 
precipitation of calcium sulfate or asphaltenes may offset any injectivity gains by 
the reactions of C 0 2 with the formation rock.
2.8.7 Hydrocarbon Vaporization and Extraction
Hydrocarbon vaporization and extraction occur when a non-hydrocarbon gas 
or a lean gas comes into contact with oil. The intermediate hydrocarbon fraction 
(i.e. C2 to CJ is stripped from the oil into the gas phase. For a given crude oil and 
reservoir temperature, the gas extracts oil in increasing amounts with increasing 
pressure. Monger84 found that increased crude-oil aromaticity correlates with 
improved parraffinic hydrocarbon extraction into a CO,-rich phase. For CO,, 
H olm  and Josendal8S report that the extraction of liquid hydrocarbons occurs 
when the density of CO, is at least 0.25 to 0.35 gm/cc. When the CO , density 
reaches about 0.42 gm/cc, the CO , is dense enough to dissolve hydrocarbons up 
through C30. Hydrocarbon vaporization and extraction can eventually lead to
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multi-contact miscibility at higher reservoir pressures if a sufficient number of 
contacts between the enriched CO, phase and the reservoir oil occur. As can be 
discerned, this recovery mechanism is most significant for near-miscible and 
miscible applications.
2.8.8 Recovery Mechanisms Summary
In summary, Monger et al58,60 concluded that the primary oil recovery 
mechanisms for cyclic immiscible CO, injection are oil viscosity reduction, 
solution gas drive, oil swelling and relative permeability hysteresis. Through 
history matching of cyclic CO, stimulation for both light and heavy crude oils, 
Denoyelle and Lemonnier54 determined that gas relative permeability hysteresis 
during wetting phase drainage and imbibition was one of the primary causes for 
oil recovery, with the oil viscosity playing a major role only in the case of heavy 
oil.
Haines and Monger61 examined the feasibility of cyclic natural gas injection 
(98.5% methane) for the recovery of light oils at immiscible conditions. 
Corefloods in low permeability cores and numerical simulation were used to 
examine three possible oil recovery mechanisms, namely gas relative permeability 
hysteresis, solution-gas drive (repressurization) and phase behavior effects such as 
oil swelling and oil viscosity reduction. It was concluded that repressurizaiton 
and gas relative permeability hysteresis were the most important mechanisms. 
Further investigation was suggested due to the scarcity of data on cyclic CH 4 
stimulation.
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No data was available in the literature on possible recovery mechanisms 
associated with nitrogen applications, although for cyclic flue gas injection 
Johnson, Schmidt and Thrash16 suggested that the same recovery mechanisms 
were operable for both C 0 2 and flue gas. It is probable that the recovery 
mechanisms for nitrogen and flue gas involve a combination of relative 
permeability effects along with repressurization, trapped free gas saturation, and 
perhaps interfacial tension differences.
2.9 Summary and Conclusions
Cyclic C 0 2  injection is viable under a wide variety of circumstances. The 
process is feasible in both carbonate and sandstone reservoirs. It has been 
successfully applied in both water and depletion drive reservoirs. The most 
favorable results are found for immiscible and near-miscible applications. Until 
now, C 0 2 slug size has been the most significant parameter in predicting process 
performance. Beneficial to the process were larger slug sizes, an optimized soak 
time, and an initial gas saturation. The primary mechanisms that contribute to 
enhanced oil recovery with CO, under immiscible conditions are oil swelling, 
viscosity reduction, and altered relative permeability.
In comparison to other gases, CO, has a lower MMP, and is more soluble in 
oil and water. The acidizing effect of CO, can improve reservoir permeability, 
but it can also cause problems such as corrosion of pipe, gravel pack screens and 
other metallic equipment and permeability reduction or plugging due to reactions 
of acid with reservoir minerals. Corrosion problems are particularly prevalent in
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producing wells and production facilities and so restrict the application of cyclic 
CO , injection offshore due to difficulties in isolating CO, contamination. In 
addition, CO, is highly compressible, much more so than nitrogen or methane. 
Consequently, the gas volume and compression requirements may become 
prohibitively expensive. This has led to the search for alternatives in those cases 
where CO, application would be inadvisable.
Methane has a higher MMP than CO,, but lower than that of nitrogen and it 
is more soluble in oil than nitrogen. It is not corrosive like CO, and does not 
react unfavorably with reservoir minerals. Methane is frequently available from 
oil and gas production streams, though its price and availability for IOR 
applications depend on the gas market price, gas contract specifications, and the 
presence of pipeline or other transportation system in the area. Hence, it may 
only be available in remote areas where its transport for sale is too costly. 
Nitrogen is not corrosive and does not react unfavorably with reservoir minerals. 
There are inexpensive methods of extracting it from air using compact skid- 
mounted equipment for both on-shore and off-shore applications. Consequently, 
the aim of this study is to evaluate methane and nitrogen and combinations of 
these with CO, for the immiscible cyclic injection process and to determine the 
controlling recovery mechanisms responsible for their use.
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C H A P T E R  3 
EXPERIMENTAL M ETH O D O LO G Y
3.1 Introduction
Displacements in consolidated Berea sandstone cores were designed to directly 
test the ability of a gas to mobilize a discontinuous residual oil saturation that was 
left after waterflooding, and therefore undeniably tertiary. Studies performed 
using corefloods have the advantage of providing a setting where many of the ill- 
defined variables present in a field application are controlled, and the effect of an 
individual parameter on process performance can be isolated and observed. The 
extrapolation of laboratory coreflood results to the field is not direct, but 
reasonable qualitative conclusions about the process can be drawn.
3.2 Crude Oil Properties
A light crude oil obtained from the Timbalier Bay field in Lafourch Parish, 
Louisiana was used for most of the core floods. Due to a shortage of Timbalier 
Bay crude oil in our laboratory a similar light crude from the West Hackberry 
field, in Louisiana, was used for a few of the experiments. The properties for 
both of these oils are given in Table 3.1.
It can be seen that the asphaltene contents of both crudes are low, and so there 
was little danger of plugging a core due to asphaltene precipitation during a gas 
injection experiment. Tuttle86 noted that C 0 2 appears to reduce asphaltene 
solubility in a crude and thus cause “rigid film formation” or precipitation of
52
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asphaltenes. N o problems due to asphaltene precipitation were encountered in 
the coreflood experiments.
Table 3.1 Crude oil properties.
Timbalier Bay STO West Hackberry STO
Field location South Louisiana South Louisiana
Molecular weight 224
Density 60 °F, 1 atm  (gm/cc) 0.87 0.87
(°API) 31.2 31.2
Viscosity (cP) 75 °F, 1 atm 13 19.1
Composition, wt%
Saturates 48.1
Aromatics 31.4
Resins 18.7
Asphaltenes 0.49 0.704
55.5
3.3 Gas Properties
Some of the basic properties of the gases used in this study are listed in Table
3.2. Under the conditions of this study, the compressibility of methane is slightly 
less than of nitrogen, while CO, has a compressibility factor much less than 
either nitrogen or methane.
Since ZN2 is always greater than ZCH4, the volume in scf of nitrogen needed to 
displace a given volume of fluid from a reservoir will be less than the scf of 
methane required, and analogously, these volumes will be much less than the scf 
of C 0 2 required.
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Table 3.2 Gas properties.87
N itrogen Methane Carbon Dioxide
Molecular Weight 28.013 16.043 44.010
Boiling Point, K 77.2 111.63 194.65
Triple Point, K. 63.1 90.68 216.58
Crit Temperature, K 126.3 190.53 304.21
Crit Pressure, bar 33.999 45.96 73.825
Density, g/cm3 0.03381 0.02031 0.06344
Z@ 30 bar, 300 K 0.9966 0.9501 0.8345
The critical pressures of these gases and their mixtures fall within the 
approximate range of 500 to 1000 psia, but the critical temperatures vary over a 
much wider range. With the exception of CO :, the critical temperature increases 
with increasing molecular weight. At experimental and most reservoir 
conditions, nitrogen and methane will be above their critical temperatures and 
will behave as gases, while CO , will also be a super-critical fluid but will 
resemble either a liquid or a gas depending on the system temperature and 
pressure.
The densities of methane, nitrogen and CO, at various pressures and 
temperatures are illustrated in Figure 3.1. Due to the higher density of CO , as 
compared to that of nitrogen and methane at experimental and reservoir 
conditions, CO, is less prone to gravity segregation during displacement. For 
similar conditions of temperature and pressure, the density of methane is slightly 
less than that of nitrogen
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Figure 3.1 Comparison of CH4, N 2, and C 0 2 density.88 
As can be seen in Figure 3.2, the viscosities of methane and nitrogen are about 
the same over the temperature range of 100 to 200 °F and pressures of about 1000 
to 5000psia.
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Figure 3.2 Comparison of CH4, N 2, and C 0 2 viscosity.88
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The viscosity of C 0 2 is generally 2 to 3 times higher than the viscosities of 
nitrogen and methane at conditions above it’s critical point, and is in between the 
viscosities of methane and nitrogen at lower pressures when CO , is in a gaseous 
phase. In comparison to oil and water viscosities, all of these values are low, so 
there is no appreciable difference in ease of injection of these gases. However, the 
CO,-crude oil mobility ratio will be 2 to 3 times smaller than those of the other 
gases during gas injection. Consequently, the volumetric sweep efficiency will be 
better for CO, during injection, and it will finger less than methane and nitrogen. 
Nitrogen and methane have viscosities which are of the same order of magnitude, 
with the viscosity of methane being slightly less than that of nitrogen’s for the 
conditions shown.
3.4 Coreflood Apparatus
In the cyclic gas injection experiments, the core modeled the near wellbore 
vicinity. A brine transfer vessel was used not only to establish waterflood 
residual oil saturation, but also to model the remainder of the reservoir and to 
provide pressure support. Injection and differential pressures were monitored 
throughout each experiment. Produced oil, brine, and gas were measured 
volumetrically.
Coreflood experiments were conducted in the apparatus illustrated in Figure
3.3. Corefloods were performed in horizontal Berea sandstone cores which were 
2 inches in diameter and 6 ft long. The cores are cut parallel to the bedding plane 
from an outcrop located near Amherst, Ohio (Cleveland Quarries). Berea
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Figure 3.3 Coreflood apparatus.
sandstone was used because it is an industry standard for experimental research 
work. Because of its pore size distribution, capillary forces much like those 
encountered in reservoir rocks are present in the consolidated cores. Three 
different cores were used in the study (Cores H5, H 7, and VI) and their pore 
volumes were 750, 777, and 740 cm3 respectively.
Core porosities ranged from approximately 21 to 23%, and their initial 
permeability to brine ranged from 350 to 450 md. The permeability declined in 
subsequent experiments and eventually stabilized at about 200 md. This 
permeability could be retained for a large number of runs if proper fluids were 
used, and excessive pressure drops were controlled and limited.
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3.5 Core Preparation
Berea sandstone cores were coated with epoxy resin and wrapped with fiber 
glass strips prior to installation in an insulated stainless-steel core holder. The 
core holder was pressure tested to 13,500 psi. However, for safety reasons the 
maximum pressure for the apparatus was not to exceed 5000 psig. New cores 
were evacuated and saturated with 50,000 ppm NaCl brine or 30,000 ppm KC1 
brine.
The annulus of the coreholder was filled with hydraulic oil and maintained at 
a pressure about 1000 to 1500 psi greater than the core pressure to ensure the 
integrity of the epoxy/fiber glass coating. The temperature of the core could be 
controlled by circulating heated ethylene glycol-water through stainless-steel 
tubes wrapped around the core assembly.
Both ends of the core were connected to a series of floating piston transfer 
vessels. These vessels were used in conjunction with positive displacement pumps 
to transfer fluids into the core. A high-pressure sight glass was located at the 
production end of the core to allow observation of displaced fluids. Core pressure 
was maintained using a back pressure regulator. Oil and water were produced 
into a calibrated flash separator which was maintained at atmospheric pressure 
and room temperature, and gas was measured using a gasometer. Inlet and outlet 
pressures were monitored using digital meters and Bourdon tube gauges. In cyclic 
gas injection experiments, the core modeled the region of the reservoir contacted
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by gas. The water aquifer was modeled by a brine-filled transfer vessel connected 
to the outlet of the core.
The water used in the corefloods was 50,000 ppm NaCl or 30,000 ppm KC1 
brine to minimize clay swelling. Berea sandstone is composed of approximately 
90 to 95% quartz, and 4 to 10% clays. Most of the clay is kaolinite and there is 
also some illite. Scheuerman and Bergersen89 performed experiments to 
determine the required brine composition to prevent clay dispersion 
(deflocculating) and/or swelling. Both mechanisms cause clay particles to become 
detached from each other and from pore walls. Migration of, and pore throat 
plugging by, deflocculated clays is the primary cause of clay-related permeability 
impairment. If only swelling were involved, treating freshwater-damaged cores 
with high salinity brines would shrink the clays and restore the permeability, but 
this does not occur because of clay deflocculation (dispersion). To prevent 
dispersion and swelling, the brine salinity must be higher than the flocculation 
salinity for the types of clays the rock contains. The flocculation salinity is the 
cation concentration of brine at which the clay particles attach to each other and 
to pore walls (flocculate). The clay flocculating power of cations is primarily a 
function of valence and secondarily of the specific type of cation. For 
monovalent cations, flocculating power decreases in the following order: 
C s + > R b + > N H 4 + , K + > N a + > L i + .  For divalent cations the order is: 
Ba+ + >S r+  + > C a +  + > M g +  + . The potassium cation, K + is about 6 times 
more effective in preventing clay dispersion than the sodium cation, Na+.
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Therefore a lower concentration of KCl brine can be used to prevent 
permeabihty impairment. Because divalent cations are 50 to 100 times, more 
effective in preventing clay dispersion than are monovalent cations, increasing 
Ca+ + ion concentration can sharply reduce the flocculation salinity required.
In addition to the influence of the cation type (salt type), different clays are 
more reactive than others. Montmorillonite is more reactive than illite, and both 
are much more reactive than kaolinite clays. Scheuerman and Bergersen’s study 
included two Berea samples, one with no illitic clay and the other had 1% illitic 
clay. The NaCl flocculation salinity for the sample with 1% illitic clay was 68 
meq/liter (1,560 ppm) and 17 meq/liter (390 ppm) for the sample with only 
kaolinite clay. In our experiments, the NaCl brine concentrations were 50,000 
ppm and 20,000 ppm, well above these minimum levels. Since KC1 is six times 
as effective as NaCl, KCl concentrations of 30,000 ppm and 15,000 ppm which 
were alternatively used also posed no danger to clay dispersion. These salinities 
are also typical of reservoir brines.
3.5.1 Core Cleaning
Between each set of experiments, the core was cleaned to return it to near­
virgin conditions. The core was cleaned with a series of brines and solvents in the 
following order: 50,000 ppm NaCl (or 30,000 KCl), 20,000 ppm N aCl (or 15,000 
ppm KCl), isopropyl alcohol (EP A), xylene, IP A, low concentration brine, high 
concentration brine. Initially brine (50,000 ppm NaCl or 30,000 ppm KCl) was 
flushed through in the production direction for 1 to 2 pore volumes. The
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concentration of the brine was then lowered to 20,000 ppm NaCl or 15,000 ppm 
if KCl was used. The lower concentration was required to prevent the 
precipitation of salt when IPA was injected. F.O. Jones90 showed that a step-wise 
decrease from a high to a low brine concentration would not cause permeability 
impairment. Isopropyl alcohol is miscible with both brine and xylene, so it 
served the purpose of acting as a buffer between the xylene and the brine to 
inhibit the formation of a second liquid phase within the core. Additionally, IPA 
helped remove some liquid hydrocarbons and a lot of the gas. The remaining gas 
and liquid hydrocarbons were produced with the xylene. At the end of the 
cleaning process, the core was saturated with 50,000 ppm NaCl or 30,000 ppm 
KCl brine. For older cores when the permeability declined below approximately 
150 md, the core was flooded with several pore volumes of 0.1 N  HC1 in brine 
and allowed to sit overnight. This spiked brine was then flushed out of the core 
with the final brine (5% NaCl or 3% KCl) until the pH  of the produced brine 
once again became neutral. After the permeability had declined below 
approximately 100 md, the core was discarded and a new core was installed in the 
coreholder.
3.5.2 Permeability Measurement
The permeability of the core to brine was routinely measured in both 
directions after the cleaning sequence outlined above. Laboratory measurement 
techniques for relative permeability determination are of two types: steady state 
and unsteady state. In the steady-state methods, the effective permeability as a
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function of saturation is calculated from the flow data. Darcy’s equation 
describes the steady state flow of an incompressible, homogeneous fluid moving 
in the horizontal direction at constant temperature and takes the following form:
kAAp
q = — —  Eq.3.1
HL
From this equation, it can be seen that if cross sectional area, viscosity and the 
length of a system are constant then a plot of the volumetric fluid rate versus the 
pressure drop generates a straight line whose slope is proportional to the absolute 
permeability. This is the basis of the absolute permeability measurements made 
for the experiments described here.
3.6 Experimental Procedure
For the purpose of comparison with experiments performed previously using 
pure CO,, the procedures for the experiments in this study generally parallel the 
methods used by previous investigators in the LSU Petroleum Engineering Gas 
Flooding Laboratory. The results of the experiments along with the 
measurements and conditions are presented in Chapter 4.
3.6.1 Oil and Water Floods
As mentioned earlier floating piston transfer vessels were used in conjunction 
with a positive displacement pump to inject oil or brine into the core. A back 
pressure regulator was used to maintain and control core pressure. In addition, 
cores were saturated with brine prior to starting a new experiment.
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At the beginning of each new experiment, the brine-saturated core was flushed 
with oil. For the oil flood, the initial pump rate was three to four times the CO, 
displacement rate, and was decreased in a step-wise fashion when the pressure- 
drop across the core reached a maximum of approximately 250 psi. For older 
cores, the allowable pressure drop was somewhat higher. To avoid cracking the 
core, the maximum allowable pressure drop across the core of 500 psig was not 
exceeded. The core was flushed with oil until no additional water was produced. 
When the pressure drop across the core stabilized the effective permeability to oil 
in the presence of residual water was measured.
For the water flood, the initial pump rate was the final pump rate at the end of 
the oil flood, and the flow rate was increased as the pressure-drop across the core 
declined. This was not a safety requirement, simply a time-saving measure. The 
core was waterflooded until oil production ceased (99% water-cut), and the 
effective permeability to water at residual oil saturation was measured.
The fluid saturations were calculated by volumetric material balance. No 
corrections were made for minor oil and water compressibility effects. The 
effective permeability measurements are based on Eqn. 3.2. By analogy to 
Darcy’s equation for single-phase flow, Eqn. 3.2 describes the steady flow of an 
incompressible, immiscible fluid in a multiphase system when no gravity forces 
are acting on the system. The subscript i refers to the mobile fluid phase (i.e. oil, 
gas or water), and the pressure-drop is assumed to be acting across this 
continuous, mobile phase.
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The end point relative permeabilities were determined using this equation by 
solving for = k /k .
3.6.2 Cyclic Gas Injection Process
The cyclic gas injection process was initiated after waterflooding. In a typical 
cyclic gas injection experiment, a slug of gas was injected into the core at room 
temperature and a controlled pressure (500 or 1600 psig). During gas injection, 
the desired pressure was maintained by allowing brine to be displaced into the 
brine-filled transfer vessel located at the core outlet. The slug size was designed so 
that only brine was displaced into the transfer vessel. For the mixed gas 
experiments, the gases were injected sequentially, with CO, injected before the 
other gas. In a few experiments, gaseous CO , was mixed with the other gas at 
low pressures since CO, is a liquid at moderate pressures, and the mixture was 
injected at low pressures. Following gas injection, the core pressure was either 
maintained over a 10-hour soak period, or slowly reduced to a mn pressure of 500 
psig over 7 hours, before commencing the 10-hour soak period. After the soak 
period, the core was produced by injecting brine from the vessel representing an 
aquifer. Gas and brine were typically injected at a rate of 60 cmVhr (9 ft/D). 
Produced fluids were routed to the production panel. A second cycle of gas was 
injected after first cycle oil production ceased. The second cycle was performed
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in the same manner as the first cycle with the exception that, in some cases, a 
lower injection pressure was used.
In the gas injection phase of most of the cyclic injection corefloods, the gas 
injection pressure was 1600 psig, to better simulate field conditions. In the field 
tests evaluated by Monger et al, often a slug of cold liquid CO, was injected 
which vaporized upon contact with the warmer reservoir environment. To 
avoid a thermal shock to the laboratory core, the CO, phase change was instead 
induced by slowly reducing the pressure over 7 hours prior to the soak period. 
The fluids bled out of the core during the gas injection and the 7-hour pressure 
decline were in some cases routed through to the production panel, to have a 
measure of the relative volumes of brine, oil or gas produced. Generally only 
brine was produced, although for some cycles, gas and/or oil were also bled and 
accounted for in the material balance. Since, although the volume of gas used is 
typically constant, the gas is not distributed in the same manner for each run. 
The distribution of gas is a function of the oil and water flood saturation history, 
the migration of fines (i.e. detached clay and other particles), the overburden 
pressure (i.e. pressure in the annulus between the core and coreholder) and the 
pressure drops the core has experienced in both oil and water floods as well as 
during gas injection and bleed.
For the experiment performed to determine the effect of residual oil 
saturation, this procedure was slightly modified. Since different cores have 
different rock properties, the effect of residual oil saturation was isolated by
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simulating different residual oil saturations using the same core. Instead of 
injecting the 2nd, 3rd,4th, and 5th cycle upon cessation of oil production, the core 
pressure was increased to 1600 psig and thoroughly waterflooded to remove C 0 2 
before injection of gas. These results were then compared to oil recovery 
efficiencies for residual oil saturations of different cores.
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
C H A P T E R  4 
EXPERIM ENTAL RESULTS
4.1 Introduction
The residual oil remaining after waterflooding to 99% water-cut was the target 
for all the experiments conducted for this study. Therefore any by-passed or 
residual oil recovered was due solely to gas injection. The majority of 
experiments were conducted under immiscible conditions (i.e. 500 psig and room 
temperature). Several experiments were performed at 1600 psig, which is near- 
miscible to miscible for pure C 0 2, but in the immiscible regime for N 2 and C H 4 
and the gas combination experiments. Note that although 1600 psig is higher 
than the MMP estimated for pure C 0 2 and the Timbalier Bay crude oil, the 
actual MMP for the system in a real rock is higher than that estimated from 
correlations which are based on slim tube experiments. All experiments were 
performed with the core in the horizontal position.
The coreflood production data are presented in Appendix A, with example 
calculations in Appendix B. It should be noted that the profiles shown in this 
chapter are based on visual observation. In some production stages, oil and water 
form an emulsion and for these cases, the relative volumes of produced oil and 
water are estimated. Emulsions were heated to facilitate separation of the oil and 
water phases and final material balance calculations were based on these values.
The production data reported is thought to be accurate since capillary end 
effects were overcome. Whenever wetting and nonwetting immiscible fluids
67
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compete to occupy the same pore space, at surfaces of capillary discontinuity, 
such as core end-faces, there will tend to be a buildup of wetting fluid saturation 
levels during the course of multiphase flow processes. The term “end effects” is 
used to describe this buildup of wetting fluid saturation levels at surfaces of 
capillary discontinuity, such as core end-faces.18
End effects can have several ramifications when performing laboratory 
experiments. When capillary end effects are significant, relative permeability 
measurements will not be accurate. In addition, the relative volumes of oil, water 
and gas produced can be dependent on the flow rate and length of the core. 
According to Rapoport and Leas91 these end effects will become negligible when 
the numerical value of the scaling coefficient, N rl (= Lvt|iw), exceeds a value of 3 
cm2-cP/min. The Rapoport and Leas number, N RL is a dimensionless constant 
which indicates when capillary pressure effects will be important. To eliminate 
the capillary end effect, either corefloods must be run with long lengths or at high 
velocities. Since we are limited to 8 ft long cores, to minimize the capillary end 
effect laboratory flow rates must be significantly higher than reservoir rates (0.1 
to 2 ft/D). The viscous-to-capillary-force ratio, referred toas the capillary number, 
N tc expresses the same physical idea as but at the microscopic or pore level 
rather than at the macroscopic scale.18 Corefloods should be ideally performed at 
field capillary numbers, but these conditions are difficult to satisfy, in which case 
experiments need to be conducted in ranges where N RL and are not expected 
to influence the results.. At values of N rl greater than 1 to 10 cm2-cP/min and
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for values below 10-4 to lO-® for Nvc, for waterflooding conditions, laboratory 
results will reflect what occurs in the field. For our study was 39, well above 
the prescribed values, and for a water-oil system was approximately 10-6 
which is also satisfactory for simulating reservoir conditions.
4.2 Residual Oil Experiment
The question of how much cyclic gas response is truly enhanced oil recovery 
and how much is accelerated production is often important in project planning. 
It would be useful to know whether the residual oil saturation to cyclic gas is a 
constant for a given pressure, temperature, rock and fluid type, or if 
implementation of the process earlier in the life o f the reservoir would reduce the 
residual oil saturation after gas flooding.
To clarify the effect of residual oil saturation on CO , cyclic performance, five 
runs (runs 129a - 129e) were performed at residual oil saturation. In this set of 
experiments, the post waterflood residual oil was decreased in successive runs 
using the same core. A calibrated simulator was used to investigate the effect of 
residual oil saturation on recovery efficiency for the miscible case. Details of this 
study are fully described in AppendixC. Only a brief discussion will be presented 
here.
The experimental conditions were the same for all runs with the core at 500 
psig and 78 °F. The absolute permeability of the core was 245 md. A CO, slug of 
0.254 SCF (VRp = 0.224) was used. Injection and production rates were 60 
cmVhr. After the 3rd cycle, oil recovery decreased substantially with little further
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recovery in the 4th and 5th cycles. This means that the residual oil saturation for 
CO, cyclic injection had been reached.
The analysis of coreflood data for CO, cyclic injection experiments performed 
in different cores also showed an increasing trend for oil recovery efficiency with 
increasing residual oil saturation. Data selected from runs 75, 77, 81, 105, and 113 
(performed by Ramos66, Thomas55 or Berzins68) and runs 129a, 153, 155, and 157 
were analyzed for the study. The main conclusion from this analysis was that, oil 
recovery increased as the residual oil target increased; however, for a given set of 
conditions, there was a limiting residual oil saturation which could not be 
lowered unless the injection method, injection gas or another process parameter 
was altered.
4.3 Pure Gas Experiments
A series of experiments were performed jointly with Zhengguo Jin to compare 
the process performance characteristics of cyclic gas injection using CO , (runs 
155/ 156d, 157/158d, 187/188, 205/206 and 207/208), CH 4 (runs 163/164d and 
173/174d) and N , (runs 135/ 136d, 161/162d, and 165/1661). Those sub-scripted 
with a “d” were performed jointly. Of the experiments performed jointly, only 
the production data for those experiments whose production profiles appear as 
examples in the text are included in Appendix A.
All of these experiments were performed under similar conditions and used gas 
slugs which occupied similar pore volumes at production conditions. Each 
experiment involved two cycles of gas injection. In the first cycle, gas was injected
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at 1600 psig, and the pressure was reduced to 500 psig during the soak period. In 
the second cycle, gas was injected at 500 psig and that pressure was maintained 
throughout the soak period. In both cycles, the core pressure was 500 psig during 
oil production. As mentioned earlier, all of the experiments were conducted at 
room temperature. The experimental conditions are summarized in Table 4.1.
Table 4.1 Description of core and gas slugs for pure gas experiments.
Run # Gas Slug Composition* Gas Slug Sizeb Core ki k’
%CO, %CH4 %N, Vrp scf mdc mdc
I55/I56d 100 .222 .250 H5 207 158
157/158“ 100 .238 .252 H5 199 187
187/188 100 .210 .258 H7 241 295
81/82e 100 .225 .254 C5 491 -
205/206 100 .224 2.64 H5 137 212
207/208 100 .250 H7 322 401
163/164“ 100 .225 .217 H5 212 159
173/174“ 100 .226 .207 H5 192 156
135/136“ 100 .231 .204 H5 212 214
161/162“ 100 .232 .209 H5 204 215
165/166“ 100 .224 .203 VI 129 172
a. Volume percent of gas component in gas slug at oil production conditions.
b. Gas slug size in terms of reservoir pore volume (VRp) at oil production conditions and standard conditions (scO. Value reported is 
average
of first and second cycles.
c. For k{ measurement, water flow was in direction of oil production, k: was measured by flowing water in the opposite direction.
d. Experiments performed jointly with Zhengguo Jin
e. Experiment reported in reference 66.
The results of the investigation are presented in Table 4.2. Oil recovery
efficiencies and gas utilizations obtained with C 0 2, CH + and N , are compared in 
Figure 4.1. CO, and CH 4 yielded similar oil recovery efficiencies, while N , 
recovered about half as much as the other gases. For all of the pure gases, oil 
recovery declined in the second cycle of gas injection. In most experiments, the 
second cycle recovery was less than half of that obtained in the first cycle. The gas 
utilization factor, which is defined as the quantity of gas injected in Mscf divided
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by the quantity of oil produced in stock-tank barrels, was about the same for C O , 
and CH 4, and was substantially poorer when N , was used as the injection gas.
Table 4.2 Pure gases results.
Run # Gas Cycle P 11 inj P br  pro S„, Erw 5*~,orwi E,r %)c Gas Utilizationd
psig psig % % % Cycle Total Cycle Total
155 CO, 1 1640 500 67.9 51.1 33.2 6.0 2.6
156 n o M 2 500 500 1.8 7.8 8.9 4.1
157 O o I 1640 500 66.1 51.8 31.9 5.9 2.9
158 CO, 2 500 500 2.1 8.0 7.8 4.2
187 n o 1 1600 500 66.6 40.6 39.6 6.0 2.2
188 CO, 2 500 500 2.9 8.9 4.6 3.0
81 n o ij 1 1625 500 68.7 44.8 38.4 7.3 1.9
82 CO, 2 1625 500 2.8 10.1 5.0 2.79
205 n o 1 1600 1600 70.9 49.6 35.2 18.2 8.7
206 n o 2 1600 1600 8.0 26.2 19.8 12.1
207 CO, 1 1600 500 70.3 51.3 34.2 7.52 1.98
208 CO, 2 540 500 2.26 9.78 6.54 3.03
163 c h 4 1 1640 500 68.4 48.7 35.1 5.7 2.2
164 CH, 2 540 500 1.7 7.4 8.1 3.5
173 c h 4 1 1640 500 71.2 45.3 38.9 6.2 1.8
174 c h 4 2 500 500 1.9 8.1 5.9 2.7
135 N, 1 1640 500 68.6 47.6 36 2.4 5.2
136 N 2 2 500 500 0.6 3.0 20.7 8.1
161 N, 1 1640 500 66.7 49.6 33.6 2.4 5.5
162 N, 2 540 500 1.4 3.8 9.6 7.0
165 N, 1 1600 500 69.5 49.0 35.4 2.7 4.7
166 N, 2 500 500 1.7 4.4 7.0 5.6
a. Pressure at which gas was injected. b. Pressure of core during oil production,
d. Gas utilization reported in terms of MscffSTB. Total gas utilization includes two cycles of gas injection, 
c. Percent of waterflood residual oil recovered per cycle and total percent for two cycles of gas injection.
A previously reported experiment (runs 81/82)66 was conducted under similar 
conditions, except the second cycle of CO, was injected at 1600 psig instead of 
500 psig.15 A comparison of results indicated that the difference in second cycle 
injection pressure had no discernible effect on oil recovery or gas utilization.
Experiment 205/206 was performed to compare process performance when 
both the injection and production pressure are 1600 psig versus the case when
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injection pressure is 1600 psig and production pressure 500 psig. In runs 207/208 
the repeatability of pure C 0 2 results was checked with another oil. Since the 
stock of Timbalier Bay crude oil is low, further experiments for light oils need to 
be performed on a comparable light oil such as the West Hackberry crude oil. It 
can be seen that the results for this experiment are similar to previous 
experiments performed with Timbalier Bay crude oil at similar conditions. 
Consequently, this oil can be used for further experiments and the results should 
be comparable to those experiments performed with Timbalier Bay crude oil.
■  Cyde 1 HI Cyde 2 d  Total
■  Cyde 1 ■  Cyde 2 □  Total 
Figure 4.1 Process performance of pure gases.
Typical first and second cycle production profiles for the pure gas experiments 
are shown in Figure 4.2 through Figure 4.4 . In most cases, a small amount of 
water was produced early, followed by little additional water production until the 
onset of oil production when there was a dramatic upswing in produced water.
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Figure 4.2 Production profiles for CO , (Run 155/156).
Most of the oil was produced as a slug followed by a relatively short period of 
intermittent oil production in conjunction with the generation of larger 
quantities of water and gas. The only significant differences in the oil production 
profiles were the amount of oil produced and the delay in oil production in the 
second cycle of methane injection.
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Figure 4.3 Production profiles for N 2 (Run 161/162).
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Figure 4.4 Production profiles for CH 4 (Run 173/174).
There were significant differences in the gas production curves of C 0 2 as 
compared to N : and CH 4. C O , was steadily produced, while most of the N , and 
CH 4 production was in the form of discrete bursts. In addition, the slope of the 
CO, production curve in the later stages of oil production was much steeper than 
the CH 4 and N , production curves, and less CH 4 and N , was ultimately 
produced.
4.4 Gas Combinations
In Table 4.3 the conditions for the gas combination experiments are given. 
The percentage of CO , with methane or nitrogen is between 3 to 8% for runs 
137/138, 142/143, 147/148, 151/152. An average of 5% CO, is noted. The 
results of the combinations of nitrogen with carbon dioxide will be covered first, 
followed by the results of methane with carbon dioxide. Note that since 
production profiles were generally similar, only an example set is shown. Data 
on all experiments can be found in Appendix A.
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Table 4.3 Description of core and gas slugs for gas combination experiments.
Run # Gas Slug Composition1 Gas Slug Sizeb Core ki
% C02 "/oCH, %n 2 Vrp scf md° md°
147/148 5 95 .196 .205 H5 224 210
151/152 5 95 .206 .190 H5 242 204
181/182 10 90 .228 .216 H5 139 157
183/184 10 90 .227 .218 H5 181 164
193/194 25 75 .221 .213 H5 172 198
189/190 50 50 .211 .206 H5 194 208
201/202 10 90 223 .816 H5 141 138
167/168° 50 50 .226 .228 H5 187 173
175/176 50 50 •m .234 H5 196 178
179/180° 50 50 .223 .226 H5 224 180
137/138 5 95 .237 H5 202 223
142/143 5 95 .228 .209 H5 237 231
185/186 10 90 .227 .209 H5 199 147
191/192 10 90 .208 H7 218 262
195/196 25 75 .220 .220 H7 254 319
203/204 50 50 '7'7'S .227 H7 295 319
199/200 10 90 .214 .678 H7 236 271
197/198 10 90 .080 .252 H7 251 279
169/170° 50 50 .227 .220 H5 218 206
177/178° 50 50 • m .219 H5 216 186
a. Volume percent of gas component in gas slug at oil production conditions.
b. Gas slug size in terms of reservoir pore volume (VRp) at oil production conditions and standard conditions (scf). Value reported is average
of first and second cycles, 
c. Experiment performed jointly with Zhenggou Jin.
4.4.1 C 0 2/Nitrogen Combinations
Previous cyclic injection experiments indicated that process performance 
dramatically improved when nitrogen was used as a chase gas for C O ,.68 In 
addition, several preliminary nitrogen cyclic injection experiments which had 
accidentally been contaminated with 3-8% CO,, yielded exceptionally high oil 
recovery, and so further investigation was indicated.
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Four C O ,/N 2 experiments (runs 185/186, 191/192, 195/196 and 203/204) 
were conducted using slugs containing 10-50% C 0 2 and N , (volume percent at 
core conditions during soak and production stages). In each experiment, two 
cycles of gas were injected, and, in both cycles, gas was injected at 1600 psig with 
CO , injected before nitrogen. The core pressure was reduced to 500 psig before 
the start of the soak period, and maintained at that pressure until production was 
terminated. The results of the investigation are presented in Table 4.4. Oil 
recovery efficiencies and gas utilizations of various C O ,/N , mixtures, as well as 
pure CO , and N,, are compared in Fig. 4.5.
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Figure 4.5 Process performance of C O ,/N , combinations.
All of the C O ,/N , mixtures tested yielded higher first and second cycle oil 
recoveries than either of the pure gases. Unlike most of the pure gas and 
C O ,/C H 4 experiments, C O ,/N , mixtures recovered similar quantities of oil in 
both cycles, with the second cycle yielding only slightly less oil than the first 
cycle. The mixture containing 10% C 0 2/N 2 produced the highest oil recovery in 
both cycles, with a total recovery nearly three times that of pure CO,. The two
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experiments performed using a 10% C 0 2/N 2 slug (runs 185/186 and 191/192) 
yielded similar results. The gas utilization for the gas combinations was much 
better than the pure gases, giving the best value for 10% C O ,/N 2.
Table 4.4 Results of C 0 2/N 2 combinations.
Run
#
%co2
in NV
Cycle p. b 1 inj P  cr  pro S01 ETO s^orwi E d^rr (%) Gas Utilization'
psig psig % % % Cycle Total Cycle Total
137 5 1 1640 500 68.5 54.1 31.4 6.36 2.23
138 2 580 500 5.73 12.1 2.72 2.42
142 5 I 1640 500 67.1 45.5 36.5 12.23 .98
143 2 540 500 2.7 14.9 4.54 1.62
185 10 1 1600 500 70.9 47.9 36.9 12.3 .98
186 2 1600 500 10.8 23.1 1 .11 1.04
191 10 1 1600 500 66.6 40.4 39.8 14.6 .74
192 2 1600 500 12.9 27.5 .75 .74
195 25 1 1600 500 66.6 41.5 38.9 12.0 1.00
196 2 1600 500 8.5 20.5 1.31 1.13
203 50 I 1600 500 67.0 43.2 38.1 7.1 1.71
204 2 1600 500 6.1 13.2 2.06 1.85
199 10 1 1600 1600 68.2 39.6 41.2 16.9 2.07
2 0 0 2 1600 1600 6.9 23.8 4.71 2.84
197' 10 I 1600 1600 68.5 40.2 40.9 3.5 3.65
198f 2 1600 1600 4.5 8.0 2.75 3.17
169s 50 1 500 500 70.1 46.0 37.9 8.1 1.52
170s 2 500 500 3.5 11.6 3.50 2.12
177s 50 1 500 500 69.7 47.8 36.4 1.8 6.95
178s 2 500 500 5.3 7.1 2.40 3.56
a. Percentage by volume of CO2 in gas slug at oil production conditions.
b. Pressure at which gas was injected. c. Pressure of core during oil production.
d. Percent of waterflood residual oil recovered per cycle and total percent for two cycles of gas injection.
e. Gas utilization reported in terms of MscffSTB. Total gas utilization includes two cycles of gas injection.
f. About 8% percent of the pore volume was occupied by gas at production conditions, instead of about 22% pore volume as in the other runs.
g. Gases mixed before injection. In all other runs, CO2 was injected first.
Another experiment was performed using 10% C O ,/N 2 and similar 
conditions to those described earlier, except the soak and production pressures for 
both cycles were 1600 psig (runs 199/200) instead of 500 psig (runs 185/186 and
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191/192). First cycle recovery was considerably higher when the production 
pressure was 1600 psig as compared to 500 psig. Although second cycle recovery 
was somewhat lower, the total recovery was about the same at 500 and 1600 psig.
Gas utilization factors for both cycles were dramatically higher at the higher 
production pressure due to compression of the gas.
A 10% C O ,/N 2 slug was found to be a better alternative for higher pressure 
applications than either 10% C 0 2/C H 4 or pure C 0 2. At 1600 psig, the oil 
recovery for 10% C 0 2/N 2 was about the same as for 10% C O ,/C H 4 (runs 
201/ 202), but the gas utilization factor was considerably lower. The total gas 
utilization for 10% C 0 2/N 2 was 2.8 Mscf/STB as compared to 4.8 Mscf/STB for 
10% C O ,/C H 4. The difference in gas utilization factors was attributed to the fact 
that N , is less compressible than CH4. The oil recovery efficiency of 10% 
C 0 2/N 2 was only slightly less than that of pure CO , (total recovery efficiency of 
23.8% as compared to 26.2%), while the gas utilization factor was substantially 
better (total gas utilization of 2.8 Mscf/STB as compared to 12.1 Mscf/STB). 
These results are illustrated in Figure 4.6 and Figure 4.7
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Figure 4.7 The effect of production pressure on gas utilization.
The preceding experiment using 10% C 0 2/N 2 (runs 199/200) was repeated 
using a gas slug that was about the same size at standard conditions as those used 
in the experiments performed at a production pressure of 500 psig. O f course, the 
pore volume occupied by the gas at the run pressure of 1600 psig was 
considerably smaller than in the preceding experiment (8% as compared to 21%). 
First cycle oil recovery (runs 197/198) was considerably less than in the previous 
experiment. However, unlike the previous experiment, second cycle recovery was 
slightly higher than first cycle recovery. The gas utilization was somewhat higher 
in the first cycle as compared to the previous experiment, while the second cycle 
gas utilization was slightly lower. The overall gas utilizations for the two 
experiments were approximately equal. These results are illustrated in Figure 4.8.
Two experiments were performed using 50% C O ,/N 2 and conditions similar 
to those described earlier with two exceptions. For both cycles, the injection 
pressure was 500 psig (runs 169/170 and 177/178) instead of 1600 psig (runs 
203/204), and the gases were mixed prior to injection. The tw o experiments gave
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somewhat different results, but, in both cases, the total oil recovery and gas 
utilization were poorer than in runs 203/204. It is not known if the difference 
was due to the lower injection pressure or the fact that the gases were mixed prior
to injection.
Recovery efficiency Gas Utilization
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Figure 4.8 The effect of slug size on process performance for 10%CO2/N 2.
Production profiles of the 10% C 0 2/N 2 combination is shown in Fig. 4.9. 
Water and oil production curves were similar to those of the pure gases. The only 
major differences were that more oil was produced, and a larger portion was 
produced intermittently with water and gas. Gas production curves for the 10% 
C O ,/N : were similar in shape to those of pure nitrogen, but a larger volume of 
gas was produced, and a large burst of gas was produced at the beginning of 
second cycle production. Gas production curves for 25% C 0 2/N 2 were similar to 
those of 10% C O ,/N 2 except the slope of the curve in the later stages of 
production was steeper and the volume of gas produced in a burst at the 
beginning of second cycle production was less.
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C 0 2 was found to  be more mobile in porous media than CH 4 or N 2. Most of 
the injected CO , was produced by the end of oil production; whereas, a large 
portion of the injected C H + or N , remained in the core after oil production 
ceased. In addition, it was noted that the pressure differential across the core was 
slightly higher during oil production when gas combinations were injected as 
compared to injection of C O , alone.
First Cyde Second Cyde
Vteter Influx (cc) Water Influx (cc)
Figure 4.9 Production profile for 10%CO,/N4 combination (Run 191/192). 
4.4.2 CO,/Methane Combinations
The effect of C O ,/C H 4 combinations on cyclic gas injection process 
performance was explored because several preliminary nitrogen cyclic injection 
experiments which had accidentally been contaminated with 3-8% CO,, yielded 
exceptionally high oil recovery, and so further investigation was indicated.
A series of cyclic gas injection experiments (runs 181/182, 183/184, 193/194, 
and 189/190) were performed using gas slugs containing 10-50% CO , and CH4.
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Experimental conditions were the same as those described for the primary 
C O ,/N , experiments (runs 185/186, 191/192, 195/196 and 203/204). The results 
of the investigation are presented in Table 4.5. Oil recovery efficiencies of various 
C O ,/C H 4 mixtures, as well as pure CO , and CH4, are compared in Fig. 4.10.
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Figure 4.10 Process performance of C O ,/C H + combinations.
All of the gas mixtures tested yielded higher first cycle oil recoveries than 
either of the pure gases, and two of the mixtures yielded higher second cycle 
recoveries as well. In addition, the total recoveries for first plus second cycles 
were considerably higher for the mixtures as compared to the pure gases. The 
mixture that contained 25% C 0 2/C H 4 yielded the highest first cycle recovery, 
producing over twice as much oil as pure CO, or CH4. First cycle injections 
using 10% and 50% C O ,/C H 4 generated less oil than the mixture containing 25% 
C O ,/C H 4, but the second cycles yielded more oil so that total oil recovery was as 
good or better. The second cycle injection using 10% C O ,/C H + produced an 
incredible quantity of oil, over three times that generated by first cycle injection 
of either of the pure gases, and the total recovery for both cycles was over 3.5
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times that of pure C 0 2 or CH4. The 10% C 0 2/C H 4 slug was unique in that it 
recovered considerably more oil in the second cycle than in the first cycle of gas 
injection. All of the other mixtures, like the pure gases, produced less oil in the 
second cycle. The experiment employing the 10% C O ,/C H 4 slug was performed 
twice (runs 181/182 and 183/184), and both experiments yielded similar results.
Table 4.5 Results of C 0 2/C H 4 combinations.
Run
#
%co2
in C H /
Cycle P b4 inj P cr  pro S o . E rw Sorw i E,t (%)“ Gas Utilization'
psig psig % % % Cycle Total Cycle Total
147 5 1 1600 500 68.8 46.5 36.8 7.97 1.48
148 2 540 500 34.6 45.6 .341 .555
151 5 1 1600 500 68.7 45.2 37.7 12.0 .955
152 2 540 500 13.6 25.7 .725 .833
181 10 1 1600 500 69.3 51.3 33.7 10.3 1.33
182 2 1600 500 19.8 30.0 .68 .90
183 10 1 1600 500 71.7 49.6 36.1 9.2 1.40
184 2 1600 500 22.1 31.3 .58 .82
193 25 1 1600 500 71.2 44.8 39.3 13.2 .87
194 2 1600 500 2.2 15.4 5.21 1.49
189 50 1 1600 500 69.3 47.7 36.3 8.5 1.40
190 2 1600 500 6.4 14.9 1.91 1.62
201 10 1 1600 1600 67.3 48.9 34.4 16.3 3.09
202 2 1600 1600 4.6 20.9 9.74 4.80
167* 50 1 500 500 69.2 46.6 36.9 2.2 6.08
168* 2 500 500 6.1 8.3 2.54 3.15
175' 50 1 500 500 70.1 46.2 37.7 2.1 6.20
176* 2 500 500 2.5 4.6 5.32 5.72
179* 50 1 500 500 71.2 46.8 37.9 4.6 2.76
180* 2 500 500 2.6 7.2 4.79 3.51
a. Percentage by volume of CO, in gas slug at oil production 
conditions.
b. Pressure at which gas was injected. c. Pressure of core during oil production.
d. Percent of waterflood residual oil recovered per cycle and total percent for two cycles of gas injection.
e. Gas utilization repotted in terms of MscPSTB. Total gas utilization includes two cycles of gas injection.
f. Gases mixed before injection. In all other runs, CO, was injected first.
One experiment was performed using 10% C 0 2/C H 4 and similar conditions 
to those described earlier, except the soak and production pressures for both
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cycles were 1600 psig (runs201/202) instead of 500 psig (runs 181/182 and 
183/184). First cycle recovery was considerably higher when the production 
pressure was 1600 psig as compared to 500 psig, but second cycle and total 
recoveries were substantially lower. In addition, due to compression of the gas, 
the gas utilization factors for both cycles were dramatically higher. As mentioned 
earlier, the overall process performance of 10% C 0 2/C H 4 was better than pure 
CO,, but poorer than 10% C O ,/N ,.
Three experiments were performed using 50% C O ,/C H 4 and conditions 
similar to those described earlier with two exceptions. For both cycles, the 
injection pressure was 500 psig (runs 167/168, 175/176 and 179/180) instead of 
1600 psig (runs 189/190), and the gases were mixed prior to injection. All of the 
experiments produced much poorer results than runs 189/190. It is not known if 
the difference was due to the lower injection pressure or the fact that the gases 
were mixed prior to injection.
The production profiles of the C O ,/C H 4 experiments were generally similar 
to those of the C O ,/N , mixtures, except considerably more gas was produced in 
a burst at the beginning of the second cycle of 10% C O ,/C H 4 injection and little 
gas was produced at the beginning of 25% C O ,/C H 4 injection. Also, the slopes of 
the gas production curves were steeper, but not as steep as those of pure CO,. The 
production profiles for typical C 0 2/C H 4 experiments are presented in Figure 
4.11.
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Figure 4.11 Production profile of 10%CO:/C H 4 combinations (Run 183/184). 
In experiments 147/148 and 151/152 the gases were injected as a mixture. For 
experiment 151/152, less gas (0.175 SCF) was injected in the 2nd cycle than in the 
first (0.236), this probably explains the lower 2nd cycle recovery for this set of 
experiments as compared with runs 147/148.
4.4.3 Summary of Alternate Gas Experiments
The primary conclusions from this study were that pure C H 4 and pure CO, 
recovered approximately the same amount of waterflood residual oil, whereas 
pure nitrogen recovered about half that amount. Certain C O ,/N , and C O ,/C H 4 
mixtures yielded outstanding results, recovering 2-3 times the waterflood residual 
oil produced by pure C O , with maximum recovery obtained with mixtures 
containing 10-25% CO ,. The process performance of pure gases substantially 
declined in the second cycle of gas injection, whereas gas mixtures typically 
exhibited only a slight decline in second cycle performance. Process performance 
improved dramatically in the second cycle of 10% C 0 2/C H 4 injection.
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At higher run pressures, pure CO , produced substantially more oil than at 
lower pressures, but the gas utilization was highly unfavorable. Under the same 
conditions, 10% C O ,/N , and 10% C O ,/C H 4 produced nearly as much oil as pure 
CO,, and the gas utilization factors were significantly better. The C O ,/N , 
mixture yielded the best overall results.
At higher pressure conditions using 10% C O ,/N ,, the slug size had a 
substantial effect on first cycle oil production, but second cycle recovery and total 
gas utilization were not significantly affected.
Pure CO, was more mobile in porous media than pure CH4 or N,. Gas 
mixtures typically generated less gas during first cycle production as compared to 
pure CO,, and most gas mixtures produced a large burst of gas at the beginning of 
second cycle production.
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C H A P T E R  5 
DISCUSSION O F RESULTS
5.1 Introduction
It has generally been assumed that injection of pure C 0 2 or mixtures that 
were predominantly CO, gave the most efficient process performance for 
immiscible cyclic injection. The reasoning behind this makes sense, since C 0 2 is 
more soluble in oil than either N 2, CH , or flue gas and cheaper than rich gas 
combinations. The recovery mechanisms associated with C 0 2 injection such as 
oil swelling, and the associated decrease in oil viscosity and interfacial tension, as 
well as gas trapping and its resulting effect on relative permeabilities all lend 
credence to this assumption. Until recently, there was never cause to doubt that 
pure C 0 2 was not the best choice for immiscible cyclic light oil recovery; 
however, the experiments reported here which involved injection of low CO , 
concentrations with nitrogen or methane point to a more efficient means of 
immiscible cyclic oil recovery.
One of the objectives of this work was to determine which oil recovery 
mechanisms are operative when alternate gases or gas combinations are used for 
cyclic injection, and to compare them with the oil recovery mechanism s  
associated with the use of pure C 0 2. Since the process performance is much 
better when small quantities of C 0 2 are used in conjunction with m ethane or 
nitrogen, the recovery mechanisms responsible for oil recovery are obviously
88
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different or differently emphasized than those associated with the use of pure
co,.
As covered in Chapter 2, the primary oil recovery mechanisms for immiscible 
cyclic CO, injection are related to phase behavior effects such as oil swelling and 
oil viscosity reduction and solution gas drive, as well as physical effects such as 
relative permeability hysteresis. As the reservoir pressure in any phase of a cyclic 
C O , application increases, the phase behavior effects become more important 
and the physical effects become less important. When the process is miscible 
(Pinj = 1600 psig) or near-miscible, hydrocarbon vaporization increases, oil 
swelling increases, oil viscosity declines, and interfacial tension effects decrease. 
Phase behavior effects are those that are chemical in nature (i.e. a function of the 
fluid properties), and physical effects or mechanisms are those that are related to 
the flow of the fluid through a porous medium.
For pure methane, both the phase behavior and physical recovery mechanisms 
play approximately equal roles. The solubility of methane in oil is higher than 
that of nitrogen. As shown by John Kelly’s experiments (Figure 2.2),73 even at 
pressures as low as 500 psig, methane swells the oil better than nitrogen, but 
much less than CO,. Solution gas drive and viscosity reduction will contribute 
less with methane than with C 0 2, but more than with nitrogen. The physical 
effects will be more important than with CO,, but less in comparison to 
nitrogen.
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Since nitrogen is inert (i.e. chemically “unreactive”) and does not dissolve very 
well in oil or water, the recovery mechanisms associated with it are primarily 
physical displacement mechanisms rather than phase behavior effects. This can 
be seen in the results of the pure gas experiments, where CO , and methane gave 
better first cycle results than N 2. In the first cycle of gas injection, phase behavior 
effects were important due to the higher injection pressure. For the second cycle 
where the injection pressure was lower and phase behavior effects less 
pronounced, C O , and methane gave only slightly better results than pure 
nitrogen.
5.2 Proposed O il Recovery Mechanism for This S tudy
As stated previously, the results of the gas combination experiments 
contradicts popular theories. It has been generally assumed that maximum oil 
recovery would be obtained with pure CO,, and that oil recovery would decrease 
as the amount of a dilute gas increased. Carbon dioxide is considerably more 
soluble in oil than nitrogen or methane, and studies indicated that, although 
relative permeability effects were important, factors related to the solubility of 
CO , in oil, such as oil viscosity reduction, oil swelling, oil/water interfacial 
tension reduction, etc., contributed heavily to oil recovery.5'6,15 The reduction in 
oil viscosity after gas dissolves in it, is compared for the three pure gases in Figure 
5.1. The initial viscosity of the crude oil was 13 cp at run conditions of 75 °F. 
The reduction in viscosity with dissolved gases were calculated using several 
correlations.20
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Figure 5.1 Comparison of oil viscosity reduction after gas dissolution.
Comparisons of CO,, N,, and CH+ cyclic injection coreflood experiments 
revealed that CO , had a higher relative permeability in the presence of water than 
N, or CH 4. At the end of the oil production stage, most of the injected N 2 or 
CH+ gas remained in the core, whereas most of the CO , was produced. CO, was 
steadily produced, whereas N , and CH4 were produced in discrete bursts. In 
addition, the pressure drop across the core was higher during the production stage 
when large concentrations of CH 4 or N, were present in the core.
In the cyclic gas injection experiments, cores were waterflooded to residual oil 
saturation prior to injection of gas. It is believed that injected gas initially 
traveled along high permeability, water-filled channels. When C O ,/N , or 
C O ,/C H 4 combinations were injected, the CO, diffused into both waterflood 
residual oil and oil contained in areas of the core that were by-passed during the 
initial water influx. C 0 2 is able to swell oil and reduces it’s viscosity, thus 
improving oil mobility and facilitating recovery of the oil. N o matter how small 
the amount of CO , in the combination, CO, will preferentially partition into the
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oil phase. There was evidence of this partitioning in an attic oil experiment 
performed using a mixture of 15% CO, with nitrogen. We found that 
approximately 80% of the CO, was produced with the recovered oil.
The less mobile and less soluble CH4 or N , remain in the high permeability 
channels providing a high gas saturation in the core. When water was injected 
into the backside of the core during the production stage to simulate the action of 
a water aquifer, CH 4 or N , partially blocked high permeability channels, and 
forced water into previously by-passed regions of the core. Since the oil in these 
by-passed regions had been altered by interaction with CO,, it was more mobile 
than during the initial water influx. Gas can also penetrate regions containing by­
passed oil, and displace oil into water flow channels.
5.2.1 Explanation of Proposed Oil Recovery Mechanisms
The results of the experiments described in this study lead one to conclude that 
injection of a small amount of carbon dioxide along with a large amount of 
nitrogen or methane will produce the best overall recovery and utilization. The 
benefits associated with the injection of gas combinations are thought to be due to 
a combination of favorable CO, phase behavior effects and the modification of 
fluid-flow behavior by the inert gas phase. The proposed mechanism is supported 
by trapped gas saturation data, interfacial tension values for the pure gases with 
oil and water, relative permeability end-point data, literature on immiscible 
displacement visual experiments, and trapped gas saturation data. This 
supporting evidence will be presented later in this Chapter.
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The proposed flow modification mechanism is analogous to or can best be 
visualized as working like a polymer or gel treatment in production wells. For a 
waterflood in a water-wet media, the water flows through preferred flow paths 
by-passing some oil. During high water fractional flow, water flows through 
most of the open pathways, while the oil is either trapped as discontinuous 
ganglia in these open pathways or occupies remaining open pathways that are 
inaccessible to water.39,93 In the case of immiscible cyclic gas injection into a water- 
drive reservoir, the injected gas will follow the paths of least resistance which are 
generally those occupied by water. After the soak period when the well is 
reopened for production, the primary flow paths are modified due to the presence 
of gas so water is forced to go through previously by-passed pathways that 
contain by-passed oil. One factor that influences the blockage of water flow by 
gas is the gas/water EFT. Gases can also affect fluid flow patterns by their 
tendency to occupy the center of pore spaces. This either forces residual oil 
ganglia into the pathway of flowing water or induces oil production via film flow 
drainage.
Several other investigators have shown that during immiscible gas injection, 
the gas fingers through a porous media, preferentially flowing through the larger 
pore throats even if it potentially has access to all of the pore throats from  an EFT 
perspective.39'93'94 The result of this blockage of water’s previously preferred 
pathways is observed during the production stage, as a reduction in the relative 
permeability to water which was evidenced by the higher pressure drops.
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For cores of average permeability and heterogeneity such as consolidated Berea 
sandstone containing light oil, modification of water flow paths was found to be 
important. In cases where the oil is heavy or where the formation has a very 
different heterogeneity (i.e. homogeneous or fractured), modification of water 
flow paths may be less important, and the optimum amount of CO , with inert 
gas may differ. Since there are many potential applications for cyclic gas injection 
into formations having a range of average heterogeneity and oil gravity, similar to 
those of the cores and oils used in this study, the results presented here are likely 
to be a good indicator of process performance for a wide range of potential 
reservoir targets.
5.2.2 Active Mechanism for Each Phase of the Cyclic Injection Process
To accurately model the cyclic injection process, one must look at the different 
displacement and recovery mechanisms at work in each of its stages: injection, 
soak and production. During the injection stage, gas fingers through the 
formation displacing liquid from around the well bore. Depending on the 
injection pressure and carbon dioxide concentration, this gas phase is in the 
miscible, near miscible or immiscible regime. Fluid flow behavior will depend on 
the ratio of viscous to capillary forces for a horizontal system, and where the 
formation is inclined, gravity effects will need to be considered. Diffusion will 
also play a role, and its effect will be seen in the gas solubility in the oil and water 
phases which affects the viscous and capillary forces that, in turn, affect oil 
recovery.
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In the experiments described here, gas was usually injected at 1600 psig. 
Carbon dioxide solubility and to a lesser degree methane and nitrogen solubility 
in oil is higher at this pressure than at the production pressure of 500 psig. As the 
core pressure was decreased from 1600 to 500 psig, some of this dissolved gas 
came out of solution and formed gas bubbles that may become trapped or may 
coalesce with other gas bubbles to form a flowable phase. The evolution of gas 
may occur in dead-end pores or pores in which a free gas phase would not 
normally have entered. If these pore spaces contain oil, the oil will be displaced 
by gas. In the field, oil recovery from this mechanism is also present, and is 
referred to as the solution gas drive mechanism.
During the soak period, the system is shut-in and mass transfer of CO, (and to 
a less degree C H + and N,) occurs. This mass transfer is referred to as diffusion. 
When water separates the CO, gas and oil phases, CO , diffuses into the water 
phase and through the water phase into the residual oil ganglia. By decreasing the 
water saturation around the point of gas injection, some of the water separating 
the gas and the oil ganglia (oil ganglia forming a discontinuous phase surrounded 
by water) will be reduced. Gas diffusion into the oil ganglia will be more efficient 
when the blocking water phase is not present.
When the injection gas contained a high CO , content, it was more difficult to 
decrease the core pressure from 1600 psig to 500 psig than when other gases were 
employed. The slow decline in core pressure around 800-1000 psig was attributed 
to the transition of CO , from a liquid to a gaseous state.
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During the production stage, a large gas phase was present along with some 
remobilized oil and irreducible water saturation in the area around the injection 
port. For the experiments described here, water was injected into the backside of 
the core during the production stage to simulate a strong water drive. Oil that 
was immobile prior to gas injection may be re-mobilized by diffusion of gas into 
the oil phase which results in oil swelling and viscosity reduction, and 
consequently alters the balance of viscous forces in the system. In addition, the 
interfacial tension effects associated with the gas and liquid phases modifies 
capillary forces in the system.
The balance of capillary versus viscous forces affects not only displacement 
efficiency, but also non-wetting phase trapping. Having a large inert free gas 
phase present has several effects on oil recovery. Since inert gases have a higher 
interfacial tension with respect to the oil and water phases than pure carbon 
dioxide, there will be more efficient film flow with inert gases which can 
contribute to the remobilization of trapped oil globules and the formation of a 
continuous oil phase.94'95 The inert gas also behaves as a flow profile modification 
entity by blocking the larger pore spaces and forcing liquids to flow around it. 
The relative permeability to water is especially decreased, thus water will flow in 
portions of the core where the water relative permeability is more favorable. 
Additionally, gas trapping in areas still open to both liquid and gas flow will cause 
the residual oil saturation in these pores to decline due to gas occupying some of 
the pore space. Gas trapping and blocking of certain formerly high permeability
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zones will cause the formation of new flow paths so that the oil that was bypassed 
due to heterogeneity can be recovered.
5.3 E vidence for  Proposed M echanism
Although EOR applications are diverse, they are all generally based on a 
relatively few physical, mathematical and chemical fundamentals. The gas 
flooding process is influenced by a variety of mechanisms often operating 
simultaneously. The chemical recovery mechanisms delineated for C 0 2 are still 
valid when low concentrations of CO, are used in conjunction with inert gases 
for cyclic gas injection. In watered-out reservoirs or cores, CO, will either 
directly contact a portion of the oil ganglia and by-passed oil as it flows w ith the 
inert gas, or it will diffuse through the water phase to dissolve in the oil. Oil 
swelling and viscosity reduction due to dissolved CO , will facilitate oil recovery 
by water influx, or if the pore or pathway is gas filled, via film flow.
During injection of gas combinations, the contacting of oil ganglia by C 0 2 is 
more efficient than during injection of pure C 0 2 since the flow of N 2 and C H 4 
will carry CO, deeper into the reservoir, thus allowing it to contact more oil. 
CO, is more soluble in water and oil than N 2 or CH4. When pure C 0 2 is 
injected, a large portion of the gas phase becomes dissolved, and much of the free 
gas phase is lost; consequently, the depth of penetration by CO, is lessened and 
less oil is contacted by C 0 2. In addition, the gas/water IFT is much lower for 
pure CO , as compared to N 2 or C H +. This means that CO, will be able to enter 
smaller pores, while N 2 and CH 4 will be confined to larger flow paths. A larger
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portion of the free CO, phase will therefore remain in the vicinity of the 
injection site, while N2 and CH 4 will finger deeper into the reservoir. Any CO , 
entrained in the flowing N , or CH 4 will be carried deeper into reservoir where it 
will be able to contact more oil.
5.3.1 Gas Diffusion
Diffusion effects will be most important during the soak period. Grogan et al% 
noted that the transport of CO , through the water phase is one of the dominant 
mass-transfer processes for CO ,/oil/water systems where trapping of the 
nonwetting (oil) phase is significant. However, Grogan and Pinczewski97 found 
that where large-scale bypassing of oil occcured during waterflooding, the contact 
time required for diffusion to significantly benefit by-passed oil recovery was too 
long for it to be considered a significant recovery mechanism.
A diffusion coefficient for CO,, methane, ethane and propane in liquid 
hydrocarbons at reservoir conditions was proposed by Renner.98 Renner 
performed a least-squares fit on a large data base of experimental data collected at 
diverse pressure and temperatures, and conducted in both capillaries and porous 
reservoir media, and found a correlation coefficient of 0.98 for the following 
equation.
r \  t  a - 9  -0 .4 5 6 2  iy - - 0 .6 8 9 8 r y - l .7 0 6  - I .8 3 I 7^4.524 r  *
D*. = 10 K  Vg P T Eq.5.1
Where Vg is the molar volume of the gas in cm3/g.mol, p is pressure of the 
system in psi and the temperature, T  is in °F. For gas/brine systems, Renner98
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again performed a least-squares fit on a wide range of data and proposed the 
following correlation.
=  6391 x 103 / C 158X 911 Eq.5.2
5.3.2 Relative Permeability
Several investigators have shown that in the presence of mobile water 
(Sw>Swirr), the oil that is trapped is only a fraction of the flowable oil.18 The 
remainder of the flowable oil resides in locations that are blocked by water. The 
fraction of oil that is trapped depends on the water saturation, and Shelton and 
Schneider" showed that it could be determined from the envelope between the 
drainage and imbibition relative permeability curves.
The wettability of a rock can either be evaluated experimentally or estimated 
qualitatively. The three most common methods used for quantitatively 
determining core wettability are: contact angle measurements, and the Amott 
and U.S.M.B. methods.1®3 There are several methods for qualitatively 
determining the wettability of a system. These include the fractional surface area, 
dye adsorption, drop test, Bobek-Mattax-Denekas, resistivity index, capillary 
pressure, permeability and relative permeability methods.100 A combination of 
the last two methods was most amenable to this study. The determination of 
wettability using permeability data as proposed by Keelan,101 is accomplished by 
comparing the ratio of water permeability at residual oil saturation with oil 
permeability at connate water saturation. If the ratio is less than 0.3, the sample is 
considered to be water-wet, while a value near unity indicates that the rock is oil-
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wet. In the relative permeability method, F.F. Craig’s80 "rules of thumb" for 
differentiation between water-wet and oil-wet systems are used. Keelan’s and 
Craig’s "rules of thumb" are summarized in Table 5.1
Table 5.1 Qualitative wettability determination using permeability 
and relative permeability data.80,101'
Primarily Water-Wet Primarily Oil-Wet
Swirr >  20 to 25% <  15%, Usually 10%
Krw = Krow atSw  >  50% atSw <  50%
Krw at Sorw < 0.3 >  0.5 approaching 1.0
^CiSSor^ ^D^ Swirr <  0.3 approaching 1.0
Typical relative permeabilities for the experiments performed in this study 
were Kro=0.65 at a Swirr of 32% and Krw=0.10 at a Sorw of 36%. Based on the 
aforementioned "rules of thumb", the cores were considered to be water-wet. 
Therefore most of the implications of the proposed recovery mechanism are for a 
water-wet system. Measurements of wettability have usually shown that Berea is 
water-wet under the conditions and methods employed in this study.18
During cyclic gas injection experiments using pure nitrogen, combinations of 
nitrogen with low percentages of CO,, and to a lesser degree, pure methane and 
combinations of methane with CO,, the pressure drops were much higher than 
for pure C 0 2. The pressure drop for C 0 2 ranged from 150 to 240 psi. For pure 
nitrogen the pressure drop ranged from 340 to 420 psi, the pressure drop for the 
10% C O ,/N , combination ranged from 350 to 490 psi. For higher
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concentrations the pressure drop was lower, for example with 50% C O ,/N 2 the 
pressure drop ranged from 250 to 340 psi. The pressure drop with pure methane 
ranged from 300 to  350 psi with similar pressure ranges as C 0 2/N 2 combinations, 
when it was in combination with CO,. In Figure 5.2 the range of pressure drops 
required to initiate oil flow is shown graphically.
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Figure 5.2 Comparison of pressure drops.
Darcy’s law represents the viscous forces, and since the core properties and 
fluid flow rates were constant, as well as to some extent, the fluid viscosities as 
most of the phase behavior effects had already taken place before the start of the 
production stage, this substantial increase in pressure drop was attributed to the 
multiphase relative permeability. Calculations based on the data were not 
quantitatively accurate, however they did give a qualitative comparison between 
pure CO , where phase behavior effects were predominate compared to nitrogen 
where physical flow mechanisms prevail. Figure 5.3 shows this comparison, the 
water relative permeability is lowest when the injection gas is predominantly
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nitrogen. Corey’s relative permeability model was used to develop the relative 
permeability curves, with the Corey coefficient set to the end point relative 
permeability.
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Figure 5.3 Comparison of water relative permeablility.
In a water-wet rock, residual oil globules in the large flow channels slow the 
flow of water and cause a low water relative permeability as was observed in the 
experiments described here. This behavior would not be observed in an oil-wet 
system where the oil occupies smaller flow channels and coats the walls of the 
large ones, causing a minimum disturbance to water flow and a higher water 
relative permeability.
5.3.4 Trapped Gas Saturation
The retention of nitrogen and methane by cores was much higher than for the 
CO,. This is illustrated in Figure 5.4 where gas production data is compared for 
the pure gases. The final gas saturations for the pure gases and the gas 
combination experiments are shown in Figure 5.5. It can be seen that much more
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gas was produced when pure CO, was used as compared to all the other gases or 
gas combinations. Both figures clearly indicate better trapping of nitrogen and 
methane than carbon dioxide, with the trapping for pure nitrogen and its 
combinations being slightly higher than with methane. Better gas trapping 
results in better flow modification of preferred water pathways and thus better oil 
recovery.
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Figure 5.4 Comparison of gas production data.
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Figure 5.5 Gas retention in coreflood experiments.
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5.3.5 Surface and Interfacial Tension
Surface and interfacial tension play an important role in gas trapping due to 
their effect on the balance of capillary to viscous forces in the core. In Table 5.2, 
some typical values from the literature for the surface tension of pure methane,
CO, and nitrogen with brine and several crude oils are tabulated. Gas/oil surface 
tensions can also be estimated using a correlation, Eq. 5.3.102 When the surface 
tension is in dynes/cm, the parachor, Pchi for pure methane, nitrogen and carbon 
dioxide are 77.0, 41.0, 78.0 respectively. The parachors for hydrocarbons as a 
function of their molecular weight was presented by Katz.102 The parachor for 
the Timbalier Bay crude oil was estimated to be 550, based on Timbalier Bay’s 
molecular weight of 224.
’ht
/  =  !
f  x.,pt + y , p ' Eq.5.3
M l M v
Baker and Swerdloff developed an empirical correlation for surface tension 
based on API gravity and pressure at 68 °F. In equation 5.2, the surface tension is 
in dynes/cm and the gravity of the stock-tank oil in API0.102
a 6S= 3 9 -0 2 5 7 1 API" Eq.5.4
The increase in the amount of solution gas as pressure is increased causes the 
gas/oil surface tension to decrease. The dead-oil surface tension can be corrected 
for solution gas by multiplying it by the following correction factor, where 
pressure is in psia.
Fc =1.0 -0.024/7°45 Eq.5.5
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The surface and interfacial tension in Table 5.2, are used for calculations of the 
capillary number, N vc, which is a dimensionless ratio of viscous to local capillary 
forces.
Table 5.2 Surface and interfacial tension data at 500 psig, 78 °F.93,95
Brine-gas surface 
tension, m N /m
Oil-gas surface 
tension, m N /m Oil-gas
CO, 47 9.5 2.19xl0'5
N, 65 24 8.67x1c6
c h 4 54.17 18 1.155x10'’
In Figure 5.6 the gas-oil and gas-water surface tensions are compared for the 
different gases and to the interfacial tension between oil and water. It can be seen 
from the graph that the surface tension of the gases with water is higher than the 
interfacial tension between the oil and water. This means that the water 
injected/encroaching during the production stage of a cyclic injection process, 
will preferentially flow through pore channels containing oil as opposed to those 
occupied by gas, consequently recovering bypassed oil. Higher IFT/ST values 
results in larger capillary forces. Since the gas-liquid surface tension is higher for 
nitrogen, and to a lesser extent methane, these gases will be retained better than 
CO,, resulting in a higher trapped gas saturation which prevents water from 
flowing in its original flow paths. This water is thus forced to flow through 
zones potentially containing by-passed or swelled residual oil and so recovering 
more oil than pure CO,.
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Figure 5.6 Comparison of surface and interfacial tensions for
different gases.
5.3.6 Capillary and Viscous Forces
Immiscible fluids tend to be distributed such that the free surface energy of the 
system is at a minimum. This usually means that the wetting fluid will occupy 
the smaller pore spaces, and the interfaces of contact will be concave toward the 
nonwetting fluid. Capillary pressure, like effective and relative permeability, is 
often assumed to be primarily saturation dependent, but it is also highly 
dependent on the fluid/fluid interstitial configurations at each saturation level.18
The interfacial curved boundaries due to interfacial tension are a reflection of 
the balance between capillary and gravity forces in the static (stationary) fluids, 
and of the balance between capillary and viscous forces in the dynamic (flowing) 
fluids. This means that, at the pore level, there will be a pressure difference 
between the immiscible fluids. This pressure difference which is commonly
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called the capillar}'- pressure, Pc, is defined as the local difference between the 
pressure in the nonwetting and the wetting fluids.
When EFT or ST is high, the interfaces between two fluids are tightly curved 
and the fluids move in a series of Haines jumps, through the pores.9+ When three 
phases (i.e. oil, water and gas) are present in the pore space, all the interfaces 
between the immiscible phases move through the media until they reach one or a 
series of pore throats, their further passage through the throat to an adjacent pore 
is blocked by their interfaces until eventually, one of the interfaces reaches the 
minimum diameter of the largest available pore throat, becomes unstable and 
jumps into the next pore.11'  The curvature of the interfaces indicates the level of 
EFT/ST. The higher the EFT/ST the more curvature and the higher the required 
viscous forces (represented by pressure drop) to overcome the capillary force 
(represented by the pressure difference between the different immiscible fluids) 
and to force the interface through the pore throats. Since the EFT/ST of CO, is 
lower with both the oil and water phases, the capillary force is less and so the 
viscous force (pressure drop) required to overcome the capillary force is less than 
for methane or nitrogen.
One tool for illustrating the effect of interfacial tension (EFT) on the residual 
oil saturation is via the capillary desaturation curve (CDC) shown in Figure 5.7 
for several types of formations.18
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Figure 5.7 Capillary desatuation curve.18
The capillary desaturation curve is a plot of non-wetting or wetting phase 
residual saturation on the y-axis vs. a dimensionless ratio of viscous to local 
capillary forces on a logarithmic x-axis. The ratio of viscous to local capillary 
forces is the capillary number, N vc. Several different definitions are used for N vc 
by different investigators. Different fluid trapping mechanisms can be illustrated 
via these different definitions. The simplest definition used by many is given in 
Eq. 5.6. This equation is similar to the more general definition of N vc in Eq. 5.7. 
In both these equations it can be seen that a higher interfacial or surface tension 
results in a lower N TC ,which corresponds to higher capillary forces and more 
trapping. And analogously lowering the interfacial tension, can result in a lower 
residual saturation if N vc is lower than its critical value.
«Ar
N  =
L? // i
k r w °  (Two C O S  0
Eq.5.6
Eq.5.7
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The different gases used in this study have different surface tensions with the 
liquids present in the core. The surface tension for nitrogen is highest, while the 
surface tension for CO , is lowest. This means that gas trapping with nitrogen 
will be highest, followed by methane and finally CO,. Some values for N vc are 
calculated and illustrated on the CDC curve in Figure 5.8.
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Figure 5.8 Capillary numbers corresponding to N,, CH 4, and CO ,.
The below equation shows another definition of N TC used by Chatzis and 
Morrow103 which illustrates the effect of pressure drop on fluid trapping.
kAP
Nvc = — — (var ious ■ terms) 
g l
Eq.5.8
It can be seen that as the pressure drop increases (viscous forces), N vc also 
increases and can result in a lower residual saturation by overcoming some of the 
capillary forces.
The shape of the CD C is determined by the pore geometry of the medium and 
the wetting behavior of the two phases. The wetting phase requires a larger N vc
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for complete recovery than the non-wetting phase. Because of the logarithmic x- 
axis, a decrease by several factors of 10 in N vc is necessary to significantly change 
either residual phase saturation.
5.3.7 Film Flow Drainage
Another proposed mechanism for the recovery of residual oil is film drainage. 
This oil recovery process is primarily at work under gravity drainage conditions, 
although it could, also function in a reservoir with a thick enough oil column. 
Gravity drainage benefits from high surface tension. The displacement of oil by 
gas in the presence of water was first described by Dumore and Schols104 who 
found that gravity drainage in water-wet rock can lead to high oil recovery, with 
residual oil saturations on the order of a few percent in the presence of both gas 
and water. Studies in sandstone cores, bead packs and sand columns confirmed 
these results. It was proposed that oil recovery was due to drainage through thin 
layers of oil that lie between the water and gas phases in a pore space. This film 
drainage has been observed directly in two dimensional etched glass micromodels 
by Kantzas et alt05, Oren et al106, Oren and Pinczewski107, Kalaydjian108 and Soli et 
al109. It was hypothesized by Oren, Vizika110 and Kalaydjian that systems with a 
positive spreading coefficient, which means that the oil spontaneously spreads 
over a flat water/gas interface, would experience film drainage and high oil 
recoveries, whereas non-spreading systems would yield lower recoveries. 
However, Dumore and Schols104 obtained the same residual oil saturation for 
both spreading and non-spreading systems.
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It was implied by Kantzas et al105 that oil recovery could be determined by the 
stability of the film, which is controlled by capillary and intermolecular forces, 
rather than the spreading coefficient alone. In experiments in micromodels and 
capillary tubes, no oil films were observed for non-spreading oils, however, in 
core floods, oil layers stabilized by capillary forces were formed as an oil bank 
moved through the system. It was also noted that both spreading and non­
spreading oils were able to form thick oil films. Most hydrocarbons and crude oil 
mixtures have a positive spreading coefficient.111 However, Blunt et al112 
illustrated both analytically and through experiments in both square and round 
capillary tubes, as well as sandpacks, that molecular films alone could not account 
for high oil recoveries since they are very thin, and the oil drainage rate is very 
slow.
Since a molecular film provides pressure continuity for the oil phase during gas 
injection, previously isolated oil ganglia become connected, and the flow rate of 
oil through films is much greater when the oil layers are swollen. As visualized 
and described by Blunt et al,m two ganglia of oil are initially separated by water 
after waterflooding to high water cuts. With gas injection, this water layer is 
replaced by gas, and due to the spreading of the oil on the gas/water interface 
between the two oil ganglia the upper ganglion can drain into the lower oil 
ganglion. If there is a film of oil that connects the two ganglion, there will be 
pressure continuity in the oil phase which allows the upper ganglion to drain into 
the lower one. During this drainage, the oil layer will swell under the influence
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of raised pressure in the oil phase in an attempt to reach capillary equilibrium 
until it is of the order of several microns thick. This connection of ganglion is 
aided by porous media which contain crevices and grooves that allow a bulk oil 
layer to form. Blunt et al1L2 found that high oil/water LFT systems give higher oil 
recoveries than low IFT systems through film flow.
Film flow in paths where oil ganglia and water are present is most prevalent 
during the soak period. After gas displaces most of the water from a pore or 
pathway, one way in which oil ganglia can be reconnected to other ganglia is via 
film flow. The oil can then become mobile or produced by water influx. If 
sufficient time is allowed, the oil could also drain by film flow to form a oil bank 
which could be produced by water influx. Hawes et al94 performed a series of 
immiscible flow visualization experiments with oil, water and gas. When oil, 
water and gas are present in the same flow path, the distribution of fluids can 
exist as shown in Figure 5.9.
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Figure 5.9 Gas, oil and water interfaces in a pore of an etched glass model.94
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In our study film flow in conjunction with the water flow path modification 
elements of the inert gas phase and the more efficient use of the small amount of 
C O ,’s beneficial phase behavior aspects results in maximizing oil recovery for the 
cyclic gas injection process.
5.3.8 Formation Heterogeneity
Land113 used numerical analysis to analyze the effect of a trapped gas saturation 
on oil recovery. He found that oil recovery associated with a trapped gas 
saturation was optimized in reservoir rocks characterized by a wide range of pore 
sizes and a large gas trapping capacity (i.e. average to high heterogeneity).
The capillary pressure at a given saturation is a measure of the smallest pore 
being entered by the nonwetting phase at that point. Therefore the preference for 
certain pathways of a fluid through a porous media is a function of pore size 
distribution of that media.
For formations having high permeability and homogeneity similar to 
sandpacks, the capillary pressure required to enter pore throats is low and several 
paths are equivalent. Presumably, there would be little benefit to using gas 
combinations in immiscible cyclic applications in these types of formations since 
displacement processes would closely approaches piston-like flow. There would 
be no optimization of chemical effects by redistributing CO , or blocking 
previously preferred flow paths. The advantages of profile modification existing 
in less permeable and homogenous media, such as Berea, would not be present.
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5.4 Displacement Visualization
Many flow visualization displacements have been performed and visually 
confirm the proposed mechanism. These experiments were generally performed 
as continuous floods, however they are equally valid for the injection stage of the 
cyclic injection process.
Peters and Hardham114 compared flow visualization experiments of miscible to 
immiscible displacements using x-ray computed tomography. They proposed 
that the difference in displacement mechanisms of miscible and immiscible 
displacements was not solely due to capillary trapping during immiscible 
displacements. There were limits to these experiments since the displacements 
were performed in sandpacks, however, some apparently valid conclusions could 
be drawn. In the immiscible displacement, once a flow channel was created by 
viscous fingers, the injected fluid was confined to moving solely through these 
fingers, thus bypassing much of the remaining oil.
Bahralolom and O rr93 compared the continuous displacements of Maljamar 
crude oil by nitrogen and CO,. Flow visualization experiments were performed 
in both homogenous and heterogeneous pore networks etched in glass plates. 
They found little difference in oil recovery between nitrogen and CO , for the 
homogenous pore network. For the more heterogeneous pore network, capillary 
and viscous effects limited the area swept by both gases to preferential flow paths. 
In the immiscible experiments, the capillary numbers were low enough for 
capillary effects to dominate. Thus, the sequence of largest available pore throats
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was swept, and large areas surrounded by relatively small pores were not. 
Because capillary forces were large and viscous forces were small, the pressure 
drop caused by flow of the gas phase was insufficient to force the gas/liquid 
interfaces into smaller pores once preferential flow paths were established. 
Instead, low viscosity gas (C 0 2 or nitrogen) continued to flow through the low- 
resistance swept channel already established.
In the cyclic gas injection experiments described in this study, similar effects 
took place during the injection phase, but in contrast, during the production 
stage, the flow direction was reversed. Water influx attempted to return via the 
previously preferred flow channels, but these were now blocked by gas. As 
observed during the production phase, the increase in pressure drop reflected an 
attempt to overcome the capillary effects in these or other pores. Due to the 
lower interfacial tension of oil with water as compared to nitrogen, capillarity 
could be more easily overcome in the oil-filled previously by-passed pores, or if 
the preferred flow path was large enough, a sufficient pressure drop could force 
water back through the originally preferred flow channel which now contained 
gas in the center of the pores along with any residual oil ganglia that had been 
swollen and were more amenable to production.
Hawes, Dawe and Evans94 performed a series of flow visualization experiments 
that were designed to observe bubble formation (nucleation) and growth in 
waterflood residual oil. The experiments were performed using etched glass 
micromodels which represented a two-dimensional sandstone core. Once the gas
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came out of solution, the water, oil and gas flow would be similar to what is 
present in a formation during the production phase of a cyclic injection process. 
The movement of gas was observed to be controlled by capillary forces which 
opposed the movement of the gas/liquid and oil/w ater interfaces through the 
pore throats. The shape of the gas bubbles in the pore matrix were entirely 
determined by the spatial distribution of pore sizes, and the location of the largest 
pores.
The flow of gas was in a series of steps, or Haines jump, in which both the 
oil/water and gas/oil interfaces were squeezed through the individual pore 
throats. If EFT’s are high enough between the injected fluids and both water and 
oil, the gas flows in a series of Haines jumps through the largest available pore 
throats. For the interface to pass through the pore throat, a sufficient differential 
pressure was required to overcome the maximum value of capillary pressure. For 
the oil/water interface to move through a pore throat, the pressure in the oil 
phase must exceed that in the water phase by an amount equal to the capillary 
forces at the minimum radius of the pore throat. Similarly for the gas/oil 
interface to move through a pore throat, the pressure in the gas must exceed that 
in the oil by an amount equal to the maximum value of its capillary pressure. 
The changes in curvature produced as the oil/water interface passes through the 
pore throat create pressure gradients within the oil film which cause the oil to 
flow into the next pore ahead of the gas bubble. Hawes et al’s photo of this 
phenomena is shown in Figure 5.10.
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In the cyclic injection process, since the surface tension of CO, is lower with 
water or oil than either methane or nitrogen, it more easily flows out of the core 
and is less likely to be retained than methane or nitrogen which create a trapped 
gas saturation and flow profile modification in the treatment area.
Figure 5.10 Oil flowing through a pore throat ahead of a gas bubble.94
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C H A P T E R  6 
CONCLUSIONS AND RECOM M ENDATIONS
6.1 Conclusions
One of the objectives of this study was to  compare the performance of 
alternative gases to C 0 2 for the cyclic gas injection process. It has been found 
that pure C H 4 and pure C 0 2 recovered approximately the same amount of 
waterflood residual oil, whereas pure nitrogen recovered about half that amount.
The results of the gas combination experiments contradicts popular theories. 
It has been generally assumed that maximum oil recovery would be obtained 
with pure C 0 2, and that oil recovery would decrease as the amount of a diluent 
gas increased. Certain COz/N 2 and C 0 2/C H 4 combinations yielded outstanding 
results, recovering 2-3 times the waterflood residual oil produced by pure C 0 2. 
Maximum recovery was obtained with mixtures containing 5-25% C 0 2. The 
process performance of pure gases substantially declined in the second cycle of gas 
injection, whereas gas mixtures typically exhibited only a slight decline in second 
cycle performance. Process performance improved dramatically in the second 
cycle of 10% C 0 2/C H 4 injection.
At higher run pressures, pure CO z produced substantially more oil than at 
lower pressures, but the gas utilization was highly unfavorable. Under the same 
conditions, 10% C 0 2/N 2 and 10% C O z/C H 4 produced nearly as much oil as pure 
CO,, and the gas utilization factors were significantly better.
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Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
Pure C O , was more mobile in porous media than pure CH 4 or N ,. Gas 
mixtures typically generated less gas during first cycle production as compared to 
pure CO,, and most gas mixtures produced a large burst of gas at the beginning of 
second cycle production. At higher pressure conditions using 10% C O ,/N ,, the 
slug size had a substantial effect on first cycle oil production, but second cycle 
recovery and total gas utilization were not significantly affected.
Improved oil recovery with gas combinations was attributed to the synergistic 
effects of phase behavior of C0 2  and the flow profile modification of the inert 
gas. This proposed mechanism was supported by relative permeability and 
production data obtained during experiments and by interfacial tension data and 
flow visualization observations reported in the literature.
6.2 Recommendations
Before the process will be accepted by industry, it must be field tested to prove 
its value. It is difficult to convince an oil company to field test a process unless at 
least approximate guidelines can be given. Further study of process parameters is 
required, either by way of physical simulation (corefloods) or through the use of 
a compositional-areal simulator. The parameters that need further study include: 
Treatment pressure: The process performance was found to be sensitive to 
both injection and production pressures, it is important to have guidelines as to 
the best pressure scheme to use when injecting the gases.
Miscibility regime: The optimum gas combinations would be immiscible at 
reservoir pressures where pure CO , is miscible. Corefloods using gas
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combinations could be performed at higher pressures such as 3600 psig, where 
pure CO , is miscible and gave poor utilization performance in the past. It is 
hypothesized that better results will be obtained with the gas combinations, 
perhaps even better than the oil recovery found at the pressures examined in this 
study.
Effect of heterogeneity: Heterogeneity of a formation will affect oil recovery. 
To gage the level of this effect the process could be performed in a small-high 
pressure apparatus, and the results with core samples having different 
heterogenieties (i.e. sand, limestone, dolomite, tight sandstone etc) could be 
compared.
Surface tension: Surface tension and interfacial tension play an important role 
in gas trapping. The values used for this study were approximations based on 
data available in the literature. A correlation between a gas’ surface tension and 
the degree the gas will be trapped in a porous media could be used to give a 
qualitative estimate of oil recovery due to gas trapping for different formations. 
This study could best be performed in conjunction with the study of formation 
heterogeneity, since gas trapping is a function of both phenomenon.
Scale-up: The experiments performed for this study were not linked to  any 
specific reservoir, it would be beneficial to use computer simulation to scale the 
results to a potential field.
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Field testing: Field testing is the real test of a process. Since the modifications 
required to implement this process in a reservoir are m in im al and the promise of 
high oil recoveries is great, it is not unreasonable recommendation.
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N O M EN C LA T U R E
Unless otherwise noted, the following nomenclature applies throughout this 
work.
Alphabetic
A = Cross sectional area, cm2
API= liquid gravity in °API
Bg = gas formation volume factor, bbl/Mscf
B0 = oil formation volume factor, bbl/STB
Dgo = gas-oil diffusion coefficient
D^.= gas-water diffusion coefficient
Ew = fraction of initial oil-in-place recovered by initial water influx 
Err = fraction of waterflood residual oil recovered by gas injection
g = acceleration of gravity
G, = cumulative gas injected, Mscf 
Gp = cumulative gas production, Mscf 
h = effective sand thickness, ft
k = absolute permeability, md
kro = effective oil permeability, md
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kw = effective water permeability, md 
= relative gas permeability, md 
1^  = relative oil permeability, md 
k ^  = relative water permeability, md 
k° = end-point relative permeability coefficient, md 
L = core length, cm 
M = molecular weight, g/g-mole
n = relative permeability exponent in Corey's equation (k,.0 = k° Sn)J 
N  = cumulative oil production, STB 
N c = number of cycles
N p = cumulative laboratory oil production, cm3
N r l= Rapopart and Leas number, cm2 cp/min
N vc = capillary number, d’less
Pchi = Parachor
Pinj = injection pressure, psig
Ppro= production pressure, psig
q = flow rate, cm3/sec
R, = solution GOR, scf/STB
Sg = gas saturation
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5 ^ =  connate water saturation 
Soi = initial oil saturation
S = (S„- Sor?) /(  1 - Slw - Sorg), reduced oil saturation
Se = oil saturation at outflow end of reservoir 
SQ(B = residual oil saturation after displacement by gas 
Sorwi= residual oil saturation after initial water influx
= initial (or residual) water saturation prior to water incursion 
T = Temperature, °F 
tD = dimensionless time
u = superficial or Darcy velocity (=q/A ), cm/min 
Uc = critical oil flux, ft3/day-ft2 
v = interstitial velocity (=u/<(>), cm/min 
Vg = gas molar volume, cm3/g.mol 
Vp = pore volume, cm3
VRp = gas slug size in terms fraction of reservoir pore volume 
Greek
0 = contact angle, degree 
y g = specific gravity of gas, d'less 
yQ = specific gravity of oil, d'less
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Ht = gas viscosity, cp 
Ha = oil viscosity, cp
fim = viscosity of oil at saturation pressure, cp 
<(> = porosity, d’less
= oil-gas surface tension, m N /m  
crow = oil-water interfacial tension, m N /m  
= water-gas surface tension, m N /m  
pg = gas density, lb/ft3 
pQ = oil density, lb/ft3 
v = velocity, cm/min
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A PPE N D IX  A
PR O D U C TIO N  DATA
Run #: 155
Pressure: 500 psig
Temperature: 81.2Deg.F
Slug Size: 0.2899 gm-mole
Type: C 0 2  huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First cycle
Time Wp Np
(sec.) (cc) (cc)
300 0.0 0.0
600 0.0 0.0
900 1.0 0.0
1200 2.0 0.0
1500 4.0 0.0
1800 5.0 0.0
2100 6.0 0.0
2400 7.0 0.0
2700 10.0 0.0
3000 10.0 0.0
3300 10.0 0.0
3600 10.0 0.0
3900 10.0 1.0
4200 11.0 6.0
4500 12.0 8.0
4800 15.0 10.0
5100 21.0 11.0
5400 24.0 12.0
5700 29.0 12.0
6000 34.0 13.0
6300 39.0 13.0
6600 44.0 13.0
6900 48.0 14.0
7200 54.0 14.0
7500 59.0 14.0
7800 63.0 14.0
8100 67.0 15.0
8400 72.0 15.0
8700 76.0 15.0
Gp
(cc)
0
0
0
0
0
0
0
0
0
70
200
300
450
700
850
1000
1140
1250
1360
1470
1600
1700
1790
1900
2000
2080
2180
2270
2360
136
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9000 81.0 15.0 2440
9300 86.0 15.0 2540
9600 90.0 15.0 2610
9900 95.0 15.0 2700
10200 100.0 15.0 2800
10500 104.0 15.0 2870
10800 109.0 15.0 2960
11100 114.0 15.0 3050
11400 118.0 15.0 3110
11700 123.0 15.0 3180
12000 128.0 15.0 3270
12300 132.0 15.0 3360
12600 137.0 15.0 3430
12900 142.0 15.0 3520
13200 147.0 15.0 3600
13500 152.0 15.0 3700
13800 156.0 15.0 3780
14100 161.0 15.0 3850
14400 165.0 15.0 3920
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Run#: 156
Production Pressure: 500 psig 
Temperature: 82 Deg.F 
Slug Size: 0.2804 gm-mole 
Type: C 0 2  huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 6.0 0.0 15
600 6.0 0.0 15
900 6.0 0.0 15
1200 6.0 0.0 15
1500 7.0 0.0 30
1800 8.0 0.0 35
2100 9.0 0.0 55
2400 9.0 0.0 130
2700 9.0 0.0 230
3000 10.0 0.0 340
3300 11.0 0.0 420
3600 15.0 0.0 480
3900 19.0 0.0 560
4200 23.0 0.0 630
4500 28.0 0.0 719
4800 32.0 1.0 830
5100 34.0 1.0 852
5400 35.0 2.0 900
5700 37.0 3.0 975
6000 42.0 3.0 1045
6300 45.0 3.0 1093
6600 49.0 3.0 1165
6900 53.0 4.0 1246
7200 58.0 4.0 1335
7500 63.0 4.0 1432
7800 67.5 4.5 1496
8100 72.5 4.5 1598
8400 76.5 4.5 1680
8700 81.5 4.5 1764
9000 86.5 4.5 1850
9300 90.5 4.5 1930
9600 95.5 4.5 2012
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9900 100.5 4.5 2100
10200 105.5 4.5 2214
10500 110.5 4.5 2304
10800 115.5 4.5 2390
11100 120.5 4.5 2470
11400 125.5 4.5 2550
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Run#: 161
Production Pressure: 500 psig 
Temperature: 74 Deg.F 
Slug Size: 0.2465 gm-mole 
Type: N 2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.5 0.0 0
600 8.0 0.0 39
900 8.0 0.0 93
1200 8.0 0.0 160
1500 8.0 0.0 180
1800 8.0 0.0 200
2100 8.0 0.0 200
2400 8.0 0.0 200
2700 8.0 0.0 200
3000 8.0 0.0 385
3300 8.0 0.0 480
3600 8.0 0.0 585
3900 13.0 2.0 600
4200 18.0 3.0 620
4500 23.0 4.0 640
4800 25.0 5.0 650
5100 28.0 6.0 650
5400 32.0 6.0 650
5700 37.0 6.0 660
6000 40.0 6.0 670
6300 44.0 6.0 673
6600 48.0 6.0 680
6900 53.0 6.0 690
7200 57.0 6.0 690
7500 61.0 6.0 700
7800 66.0 6.0 705
8100 71.0 6.0 705
8400 76.0 6.0 714
8700 80.0 6.0 722
9000 85.0 6.0 731
9300 90.0 6.0 735
9600 95.0 6.0 740
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9900 99.0 6.0 750
10200 104.0 6.0 760
10500 109.0 6.0 760
10800 114.0 6.0 770
11100 118.0 6.0 780
11400 123.0 6.0 780
11700 128.0 6.0 790
12000 133.0 6.0 800
12300 139.0 6.0 810
12600 143.0 6.0 810
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Run #: 162
Production Pressure: 500 psig 
Temperature: 73.6 Deg.F 
Slug Size: 0.2525 gm-mole 
Type: N2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 0.0 810
600 4.0 0.0 810
900 4.0 0.0 830
1200 4.0 0.0 840
1500 4.0 0.0 840
1800 4.0 0.0 840
2100 4.0 0.0 840
2400 4.0 0.0 840
2700 4.0 0.0 840
3000 4.0 0.0 860
3300 4.0 0.0 900
3600 4.0 0.0 950
3900 4.0 0.0 980
4200 4.0 0.0 1050
4500 4.0 0.0 1100
4800 5.0 0.0 1110
5100 8.0 1.0 1110
5400 12.0 1.0 1110
5700 15.0 1.0 1120
6000 18.0 2.0 1130
6300 21.0 2.0 1130
6600 25.0 2.0 1150
6900 28.0 3.0 1160
7200 32.0 3.0 1170
7500 38.0 3.0 1170
7800 42.5 3.5 1170
8100 47.5 3.5 1180
8400 50.5 3.5 1190
8700 55.5 3.5 1200
9000 62.5 3.5 1210
9300 67.5 3.5 1210
9600 72.5 3.5 1220
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9900 75.5 3.5 1230
10200 80.5 3.5 1230
10500 85.5 3.5 1240
10800 89.5 3.5 1250
11100 93.5 3.5 1250
11400 98.5 3.5 1260
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Run#: 173
Production Pressure: 500 psig 
Temperature: 77.7 Deg.F 
Slug Size: 0.2492 gm-mole 
Type: CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Tim e Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 4.0 0.0 0
900 6.0 0.0 0
1200 9.0 0.0 14
1500 10.0 0.0 67
1800 10.0 0.0 101
2100 10.0 0.0 128
2400 10.0 0.0 157
2700 10.0 0.0 210
3000 10.0 0.0 294
3300 10.0 0.0 435
3600 10.0 1.0 524
3900 10.0 3.0 583
4200 10.0 7.0 662
4500 10.0 11.0 745
4800 13.0 13.0 775
5100 16.0 15.0 790
5400 20.0 16.0 815
5700 24.0 17.0 835
6000 29.0 17.0 850
6300 33.0 18.0 870
6600 38.0 18.0 880
6900 43.0 18.0 896
7200 48.0 18.0 911
7500 53.0 18.0 931
7800 58.0 18.0 946
8100 63.0 18.0 959
8400 69.0 18.0 976
8700 74.0 18.0 994
9000 79.0 18.0 1004
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Run #: 174
Production Pressure: 500 psig 
Temperature: 77.1 Deg.F 
Slug Size: 0.2446 gm-mole 
Type: CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 1.0 0.0 0
900 2.0 0.0 0
1200 3.0 0.0 0
1500 5.0 0.0 10
1800 5.0 0.0 60
2100 5.0 0.0 100
2400 5.0 0.0 150
2700 5.0 0.0 340
3000 5.0 0.0 360
3300 5.0 0.0 390
3600 5.0 0.0 460
3900 5.0 0.0 510
4200 5.0 0.0 580
4500 5.0 0.0 650
4800 5.0 0.0 720
5100 6.0 0.0 800
5400 7.0 0.0 830
5700 10.0 0.0 835
6000 14.0 0.0 850
6300 19.0 0.0 850
6600 22.0 0.0 870
6900 26.0 0.0 880
7200 30.0 0.0 880
7500 35.0 0.0 900
7800 40.0 0.0 900
8100 44.0 0.0 910
8400 48.0 0.0 920
8700 53.0 0.0 930
9000 58.0 0.0 940
9300 62.0 0.0 950
9600 67.0 0.0 960
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9900 71.0 0.0 970
10200 76.0 0.0 980
10500 81.0 0.0 990
10800 85.0 0.0 1000
11100 90.0 0.0 1010
11400 94.0 0.0 1020
11700 99.0 0.0 1030
12000 104.0 0.0 1040
12300 109.0 0.0 1050
12600 113.0 0.0 1070
12900 117.0 0.0 1080
13200 122.0 0.0 1080
13500 126.0 1.0 1090
13800 129.0 2.0 1110
14100 133.0 3.0 1120
14400 137.0 4.0 1140
14700 142.0 4.0 1150
15000 145.0 5.0 1150
15300 150.0 5.0 1170
15600 154.5 5.5 1190
15900 159.5 5.5 1200
16200 165.5 5.5 1210
16500 170.5 5.5 1220
16800 175.5 5.5 1230
17100 180.5 5.5 1260
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Run#: 142
Production Pressure: 520 psig
Temperature: 77.9 Deg.F
Slug Size: 0.2724gm-mole
Type: 5% C02/95% N 2 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First Cycle
Time Wp N p Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 0
600 6.0 0.0 0
900 7.0 0.0 0
1200 9.0 0.0 52
1500 9.0 0.0 76
1800 9.0 0.0 126
2100 9.0 0.0 200
2400 9.0 0.0 230
2700 9.0 0.0 324
3000 9.0 0.0 456
3300 9.0 0.5 534
3600 11.0 2.0 552
3900 12.0 4.0 574
4200 14.0 7.0 590
4500 15.0 9.0 602
4800 16.0 14.0 618
5100 16.0 20.0 635
5400 17.0 24.0 640
5700 19.0 26.0 648
6000 24.0 28.0 660
6300 26.0 30.0 670
6600 31.0 31.0 684
6900 34.0 32.0 684
7200 34.0 33.0 692
7500 44.0 33.0 700
7800 50.0 33.0 710
8100 54.0 33.0 716
8400 59.0 33.0 722
8700 64.0 33.0 730
9000 69.0 33.0 740
9300 74.0 33.0 740
9600 79.0 33.0 740
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9900 84.0 33.0 760
10200 89.0 33.0 760
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Run #: 143
Production Pressure: 503 psig
Temperature: 78.7Deg.F
Slug Size: 0.2724.gm-mole
Type: 5% C02/95% N2 huff & puff (10 hrs soak)
Huff, puff injection rate: 60 cc/hr
Second Cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 0.0 168
600 4.0 0.0 384
900 4.0 0.0 384
1200 4.0 0.0 384
1500 4.0 0.0 384
1800 4.0 0.0 384
2100 4.0 0.0 560
2400 4.0 0.0 632
2700 4.0 0.0 632
3000 4.0 0.0 632
3300 4.0 0.0 922
3600 4.0 0.0 922
3900 4.0 0.0 922
4200 7.0 0.0 940
4500 9.0 0.0 986
4800 11.0 0.0 1004
5100 14.0 0.0 1006
5400 19.0 0.0 1022
5700 22.0 0.0 1022
6000 26.0 0.0 1026
6300 30.0 0.0 1038
6600 35.0 0.0 1038
6900 40.0 1.0 1046
7200 45.0 1.0 1054
7500 49.0 2.0 1054
7800 54.0 3.0 1062
8100 59.0 3.0 1070
8400 65.0 4.0 1074
8700 69.0 5.0 1082
9000 74.0 5.0 1084
9300 78.0 6.0 1092
9600 83.0 7.0 1096
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
150
9900 88.0 7.0 1100
10200 93.0 7.0 1106
10500 98.0 7.0 1112
10800 103.0 7.4 1120
11100 114.0 7.4 1128
11400 121.0 7.4 1140
11700 125.0 7.4 1140
12000 128.0 7.4 1142
12300 131.0 7.4 1150
12600 137.0 7.4 1158
12900 142.0 7.4 1160
13200 146.0 7.4 1168
13600 154.0 7.4 1180
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Run#: 147
Production Pressure: 540 psig
Temperature: 79.2 Deg.F
Slug Size: 0.2449 gm-mole
Type: 5% C02/95%  CH4 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First Cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 1.0 0.0 0
600 2.0 0.0 0
900 4.0 0.0 0
1200 5.0 0.0 0
1500 9.0 0.0 36
1800 9.0 0.0 180
2100 9.0 0.0 320
2400 10.0 2.0 380
2700 11.0 7.0 440
3000 14.0 8.0 500
3300 15.0 12.0 540
3600 19.0 15.0 570
3900 22.0 15.0 590
4200 28.0 15.0 600
4500 33.0 15.0 620
4800 40.0 16.0 630
5100 43.0 16.0 640
5400 47.0 17.0 650
5700 52.0 18.0 660
6000 56.0 19.0 680
6300 61.0 19.0 690
6600 65.0 20.0 700
6900 70.0 20.0 700
7200 75.0 20.0 710
7500 80.0 20.0 718
7800 84.0 21.0 724
8100 89.0 21.0 730
8400 93.0 22.0 739
8700 98.0 22.0 744
9096 103.0 22.0 750
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Run #: 148
Production Pressure: 515 psig 
Temperature: 83.5 Deg.F 
Slug Size: 0.245 lgm-mole 
Type: CH4 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second Cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 370
600 9.0 0.0 465
900 13.0 1.0 495
1200 17.0 2.0 525
1500 20.0 3.0 540
1800 23.0 3.0 565
2100 28.0 4.0 580
2400 32.0 4.0 610
2700 34.0 7.0 675
3000 36.0 10.0 735
3300 38.0 12.0 800
3600 39.0 16.0 860
3900 40.0 20.0 940
4200 40.0 25.0 1010
4500 41.0 30.0 1090
4800 44.0 32.0 1180
5100 45.0 37.0 1270
5400 46.0 42.0 1370
5700 47.0 46.0 1450
6000 48.0 50.0 1510
6300 48.0 54.0 1590
6600 48.0 58.0 1670
6900 50.0 61.0 1730
7200 53.0 63.0 1790
7500 55.0 65.0 1840
7800 62.0 66.0 1903
8100 66.0 67.0 1948
8400 69.0 68.0 1977
8700 72.0 70.0 2024
9000 74.0 73.0 2065
9300 79.0 74.0 2100
9600 83.0 75.0 2140
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9900 88.0 75.0 2150
10200 90.0 76.0 2175
10500 95.0 76.0 2208
10800 99.0 77.0 2225
11100 104.0 77.0 2248
11400 109.0 77.0 2275
11700 113.0 78.0 2296
12000 117.0 79.0 2324
12300 121.0 80.0 2355
12600 125.0 81.0 2378
12900 130.0 82.0 2400
13200 135.0 82.0 2436
13500 141.0 82.0 2447
13800 145.0 83.0 2468
14100 150.0 83.0 2508
14400 155.0 84.0 2527
14700 160.0 84.0 2547
15000 163.0 85.0 2568
15300 168.0 85.0 2590
15600 172.0 86.0 2614
15900 176.0 87.0 2640
16200 180.0 88.0 2650
16500 184.0 89.0 2674
16800 189.0 89.0 2700
17100 193.0 90.0 2722
17400 196.0 92.0 2733
17700 200.0 93.0 2758
18000 205.0 93.0 2766
18300 209.0 94.0 2795
18600 212.0 95.0 2804
18900 218.0 95.0 2825
19200 222.5 95.5 2846
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Run#: 151
Production Pressure:500 psig 
Temperature: 78.5 Deg.F 
Slug Size: 0.2441 gm-mole 
Type: huff & puff (17 hrs soak)
Huff, puff 5%C02/95%CH4 injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0
600 0.0 0.0 -
900 0.0 0.0 -
1200 1.0 0.0 0
1500 2.0 0.0 0
1800 3.0 0.0 6
2100 5.0 0.0 6
2400 7.0 0.0 6
2700 9.0 1.0 220
3000 9.0 3.0 245
3300 10.0 4.0 275
3600 14.0 4.0 330
3900 16.0 6.0 360
4200 20.0 8.0 422
4500 21.0 11.0 455
4800 24.0 13.0 474
5100 27.0 15.0 504
5400 31.0 16.0 525
5700 35.0 17.0 543
6000 40.0 17.0 554
6300 44.0 18.0 575
6600 48.0 19.0 595
6900 52.0 20.0 623
7200 57.0 20.0 641
7500 62.0 20.0 655
7800 66.0 21.0 675
8100 70.0 22.0 696
8400 74.0 23.0 710
8700 78.0 24.0 720
9000 83.0 24.0 730
9300 88.0 25.0 755
9600 93.0 25.0 765
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9900 97.0
10200 102.0
10500 106.0
10800 110.0
11100 115.0
11400 120.0
11700 124.0
12000 129.0
12300 134.0
12600 139.0
12900 143.0
13200 149.0
13500 154.0
13800 160.0
14100 164.0
14400 167.0
14700 172.0
15000 176.0
15300 181.0
15600 186.0
15900 190.0
16200 196.0
16275 197.0
26.0 77 5
26.0 800
27.0 810
28.0 820
28.0 840
29.0 850
29.0 860
29.0 870
29.0 880
30.0 800
30.0 912
30.0 920
30.0 930
31.0 950
31.0 960
32.0 970
32.0 980
32.0 1000
33.0 1000
33.0 1020
34.0 1030
34.0 1040
34.0 1040
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Run#: 152
Production Pressure: 466 psig 
Temperature: 80.0 Deg.F 
Slug Size: 0.2097 gm-mole 
Type: huff & puff (10 hrs soak)
Huff, puff 5%C02/95%CH4injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 1.0 0
600 0.0 1.0 0
900 1.0 1.0 0
1200 1.0 2.0 0
1500 1.0 3.0 15
1800 2.0 5.0 30
2100 2.0 7.0 30
2400 2.0 7.0 30
2700 2.0 8.0 30
3000 2.0 9.0 30
3300 2.0 12.0 40
3600 2.0 18.0 50
3900 2.0 21.0 50
4200 2.0 24.0 60
4500 4.0 26.0 70
4800 8.0 26.0 80
5100 13.0 26.0 90
5400 17.0 27.0 100
5700 17.0 27.0 110
6000 27.0 27.0 130
6300 30.0 28.0 140
6600 36.0 28.0 150
6900 42.0 28.0 170
7200 47.0 28.0 182
7500 51.0 29.0 195
7800 56.0 29.0 195
8100 61.0 29.0 215
8400 64.0 30.0 215
8700 69.0 30.0 228
9000 74.0 30.0 230
9300 78.0 31.0 •
9600 83.0 31.0 _
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9900 84.0 31.0 255.0
10200 88.0 32.0 285.0
10500 92.0 32.0 296.0
10800 99.0 32.0 304.0
11100 101.0 33.0 314.0
11400 116.0 33.0 322.0
11700 110.0 33.0 330.0
12000 114.0 34.0 340.0
12300 119.0 34.0 352.0
12600 124.0 34.0 372.0
12900 127.0 34.0 372.0
13200 131.0 35.0 390.0
13500 135.0 35.0 402.0
24100 305.5 38.5 790.0
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R un#: 159
Production Pressure: 558 psig 
Temperature: 78.5 Deg.F 
Slug Size: 0.25 gm-mole 
Type: N 2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0 0.0 0
600 0 0.0 0
900 0 0.0 10
1200 1.0 0.0 20
1500 2.0 0.0 15
1800 5.0 0.0 20
2100 5.0 0.0 60
2400 6.0 0.0 90
2700 7.0 0.0 110
3000 8.0 0.0 150
3300 10.0 0.0 200
3600 11.0 0.0 250
3900 12.0 0.0 300
4200 16.0 0.0 305
4500 20.0 0.0 305
4800 25.0 0.0 305
5100 29.0 0.0 305
5400 34.0 0.0 305
5700 40.0 1.0 305
6000 46.0 1.0 305
6300 50.0 1.0 305
6600 55.0 1.0 305
6900 59.0 2.0 305
7200 64.0 2.0 305
7500 71.0 3.0 305
7800 78.0 3.0 305
8100 84.0 3.0 305
8400 92.0 3.0 305
8700 97.0 3.0 305
9000 101.0 3.0 305
9300 105.0 4.0 305
9600 110.0 4.0 305
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9900 115.0 4.0 305
10200 120.0 4.0 305
10500 125.0 4.0 305
10800 130.0 4.0 305
11100 140.0 4.0 305
11400 150.0 4.0 305
11700 160.0 4.0 305
12000 166.0 4.1 305
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Run #: 160
Production Pressure: 527 psig 
Temperature: 79.2 Deg.F 
Slug Size: 0.24 gm-mole 
Type: N 2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Cycle 2
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 30. 0.0 48
600 5.0 0.0 110
900 5.0 0.0 208
1200 5.0 0.0 262
1500 5.0 0.0 370
1800 5.0 0.0 520
2100 5.0 0.0 600
2400 5.0 0.0 700
2700 5.0 0.0 700
3000 5.0 0.0 700
3300 5.0 0.0 700
3600 5.0 0.0 700
3900 5.0 0.0 738
4200 5.0 0.0 740
4500 5.0 0.0 740
4800 5.0 0.0 740
5100 5.0 0.0 1010
5400 8.0 1.0 1010
5700 10.0 1.0 1010
6000 13.0 1.0 1010
6300 14.0 1.0 1010
6600 17.0 1.0 1010
6900 19.0 1.0 1010
7200 22.0 2.0 1010
7500 25.0 2.0 1010
7800 29.0 2.0 1010
8100 33.0 2.0 1010
8400 36.0 2.0 1010
8700 40.0 2.0 1010
9000 44.0 3.0 1010
9300 49.0 3.0 1013
9600 51.0 3.0 1013
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9900 56.0 3.0 1013
10200 60.0 3.0 1013
10500 65.0 3.0 1013
10800 69.0 4.0 1013
11100 74.0 4.0 1013
11400 79.0 5.0 1014
11700 83.0 5.0 1014
12000 88.0 5.0 1014
12300 92.0 6.0 1014
12600 97.0 6.0 1014
12900 102.0 6.0 1014
13200 106.0 7.0 1014
13500 113.0 7.0 1014
13800 116.0 7.0 1014
14100 121.0 7.0 1014
14400 126.0 7.0 1014
14700 131.0 7.0 1014
15000 136.0 7.0 1014
15600 146.0 7.0 1014
16200 156.0 7.0 1014
16800 166.0 7.0 1014
18000 202.0 7.0 1014
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
162
Run #: 171
Production Pressure: 480 psig
Temperature: 79.4Deg.F
Slug Size:0.27 gm-mole
Type: CH4 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.0 0.0 0
900 0.0 0.0 0
1200 0.0 0.0 0
1500 1.0 0.0 0
1800 2.0 0.0 200
2100 9.0 0.0 300
2400 9.0 0.0 350
2700 10.0 0.0 400
3000 10.0 0.0 450
3300 10.0 0.0 520
3600 10.0 0.0 600
3900 11.0 0.0 650
4200 12.0 2.0 670
4500 13.0 4.0 690
4800 13.0 8.0 700
5100 150. 10.0 730
5400 18.0 11.0 760
5700 20.0 13.0 800
6000 26.0 12.0 850
6300 29.0 14.0 880
6600 31.0 16.0 900
6900 34.0 18.0 920
7200 37.0 20.0 930
7500 41.0 21.0 950
7800 45.0 22.0 960
8100 49.0 23.0 970
8400 53.0 24.0 990
8700 57.0 25.0 1010
9000 62.0 25.0 1020
9300 66.0 26.0 1030
9600 71.0 26.0 1040
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9900 75.0 27.0 1060
10200 81.0 27.0 1070
10500 96.0 27.0 1080
10800 90.0 28.0 1100
11100 95.0 28.0 1120
11400 100.0 28.0 1130
11700 105.0 28.0 1140
12000 110.0 28.0 1150
12300 115.0 28.0 1170
12600 120.0 29.0 1180
12900 125.0 29.0 1190
13200 130.0 29.0 1200
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Run#: 172
Production Pressure: 513 psig 
Temperature: 81.2 Deg.F 
Slug Size: 0.2899 gm-mole 
Type: CH4 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 2.0 0.0 700
600 2.0 0.0 870
900 3.0 0.0 920
1200 3.0 0.0 970
1500 3.0 0.0 1010
1800 3.0 0.0 1020
2100 3.0 0.0 1020
2400 3.0 0.0 1020
2700 3.0 0.0 1030
3000 3.0 0.0 1050
3300 3.0 0.0 1070
3600 3.0 0.0 1100
3900 3.0 0.0 1130
4200 3.0 0.0 1180
4500 3.0 0.0 1230
4800 3.0 0.0 1300
5100 4.0 0.0 1320
5400 7.0 0.0 1320
5700 9.0 0.0 1330
6000 13.0 0.0 1340
6300 16.0 0.0 1360
6600 19.0 1.0 1370
6900 22.0 2.0 1380
7200 26.0 2.0 1400
7500 29.0 3.0 1410
7800 33.0 3.0 1420
8100 37.0 3.0 1430
8400 40.0 4.0 1440
8700 46.0 4.0 1450
9000 51.0 4.0 1460
9300 55.0 5.0 1470
9600 60.0 5.0 1480
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9900 64.0 5.0 1500
10200 69.0 5.0 1510
10500 74.0 5.0 1520
10800 79.0 5.0 1530
11100 84.0 5.0 1540
11400 89.0 5.5 1550
11700 94.0 5.5 1560
12000 99.0 5.5 1570
12300 104.0 5.5 1580
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Run#: 175
Production Pressure: 455 psig 
Temperature: 77.8 Deg.F 
Slug Size: .27gm-mole
Type: 50%C02/50%CH4 Combination huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 0
600 6.0 0.0 0
900 7.0 0.0 0
1200 10.0 0.0 20
1500 10.0 0.0 120
1800 11.0 0.0 220
2100 14.0 0.0 250
2400 17.0 0.0 300
2700 22.0 0.0 340
3000 27.0 0.0 370
3300 30.0 1.0 400
3600 34.0 1.0 440
3900 38.0 2.0 480
4200 43.0 2.0 510
4500 48.0 2.0 540
4800 51.0 3.0 580
5100 56.0 3.0 600
5400 60.0 4.0 640
5700 65.0 4.0 670
6000 69.0 4.0 700
6300 73.0 5.0 730
6600 78.0 5.0 760
6900 84.0 5.0 800
7200 89.0 5.0 830
7500 95.0 5.0 860
7800 99.0 5.0 890
8100 104.0 5.0 920
8400 110.0 5.0 950
8700 115.0 5.0 980
9000 119.0 6.0 1000
9300 124.0 6.0 1030
9600 130.0 6.0 1060
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9900 135.0 6.0 1090
10200 141.0 6.0 1120
10500 147.0 6.0 1150
10800 152.0 6.0 1170
11100 157.0 6.0 1200
11400 162.0 6.0 1230
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Run#: 176
Production Pressure: 487 psig 
Temperature: 72.6 Deg.F 
Slug Size: 0.27 gm-mole
Type: 50% C02/50% CH4 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 15
600 8.0 0.0 15
900 8.0 0.0 15
1200 80. 0.0 15
1500 8.0 0.0 15
1800 8.0 0.0 15
2100 9.0 0.0 15
2400 9.0 0.0 61
2700 9.0 0.0 137
3000 9.0 0.0 230
3300 9.0 0.0 339
3600 13.0 0.0 380
3900 15.0 0.0 417
4200 18.0 0.0 478
4500 21.0 0.0 512
4800 25.0 1.0 555
5100 28.0 2.0 606
5400 32.0 2.0 646
5700 37.0 2.0 693
6000 42.0 2.0 748
6300 46.0 3.0 780
6600 52.0 3.0 814
6900 57.0 3.0 857
7200 62.0 3.0 882
7500 66.0 4.0 934
7800 71.0 4.0 976
8100 75.0 5.0 1011
8400 80.0 5.0 1050
8700 85.0 5.0 1091
9000 89.0 6.0 1115
9300 97.0 3.0 1153
9600 102.0 3.0 1198
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9900 104.0 6.0 1230
10200 107.0 6.0 1265
10500 111.0 7.0 1296
10800 118.0 7.0 1350
11100 123.0 7.0 1391
11400 128.0 7.0 1420
11700 133.0 7.0 1470
12000 138.0 7.0 1500
12300 143.0 7.0 1532
12600 152.0 7.0 1570
12900 158.0 7.0 1602
13200 164.0 7.0 1642
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
170
Run#: 181
Production Pressure: 530 psig 
Temperature: 74.2 Deg.F 
Slug Size: 0.270 gm-mole
Type: 10% C02/90%CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 10.0 0.0 800
600 10.0 0.0 810
900 10.0 0.0 830
1200 11.0 0.0 845
1500 11.0 0.0 845
1800 11.0 0.0 847
2100 11.0 0.0 852
2400 11.0 0.0 853
2700 11.0 0.0 865
3000 11.0 0.0 870
3300 11.0 0.0 870
3600 11.0 0.0 870
3900 11.0 0.0 870
4200 11.0 0.0 878
4500 11.0 0.0 879
4800 11.0 0.0 879
5100 11.0 0.0 879
5400 11.0 0.0 879
5700 11.0 0.0 879
6000 11.0 2.0 892
6300 11.0 5.0 896
6600 13.0 7.0 900
6900 13.0 9.0 910
7200 14.0 12.0 915
7500 15.0 14.0 915
7800 15.0 18.0 930
8100 15.0 20.0 950
8400 17.0 23.0 970
8700 23.0 23.0 976
9000 27.0 24.0 984
9300 32.0 24.0 986
9600 36.0 25.0 995
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9900 41.0 25.0 1000
10200 45.0 26.0 1000
10500 49.0 26.0 1008
10800 61.0 26.0 1020
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Run#: 182
Production Pressure: 568 psig 
Temperature: 76.0 Deg.F 
Slug Size: 0.27 gm-mole
Type: 10% C02/90% CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp N p Gp
(sec.) (cc) (cc) (cc)
300 5.0 2.0 4000
600 5.0 7.0 4000
900 5.0 7.0 4000
1200 5.0 7.0 4000
1500 5.0 7.0 4000
1800 5.0 7.0 4000
2100 5.0 7.0 4000
2400 5.0 9.0 4306
2700 5.0 9.0 4546
3000 5.0 9.0 4550
3300 5.0 11.0 4607
3600 5.0 12.0 4650
3900 7.0 13.0 4716
4200 10.0 15.0 4760
4500 12.0 16.0 4792
4800 18.0 16.0 4830
5100 22.0 16.0 4872
5400 30.0 16.0 4898
5700 30.0 16.0 4934
6000 36.0 16.0 4970
6300 40.0 16.0 5006
6600 43.0 17.0 5040
6900 43.0 21.0 5080
7200 43.0 24.0 5120
7500 43.0 29.0 5170
7800 45.0 33.0 5240
8100 47.0 37.0 5290
8400 47.0 40.0 5320
8700 49.0 43.0 5380
9000 51.0 45.0 5409
9300 54.0 48.0 5470
9600 59.0 48.0 5530
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9900 66.0 49.0 5600
10200 68.0 50.0 5630
10500 72.0 50.0 5710
10800 76.0 50.0 5720
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Run#: 183
Production Pressure: 550 psig 
Temperature: 73.5 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10% C02/90%CH4 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 -
600 -
900 -
1200 
1500
1800 1.0 0.0 0
2100 2.0 0.0 0
2400 6.0 1.0 228
2700 8.0 2.0 260
3000 9.0 2.0 284
3300 9.0 2.0 300
3600 9.0 2.0 324
3900 9.0 2.0 342
4200 9.0 2.0 350
4500 9.0 2.0 368
4800 9 0 2.0 402
5100 9.0 2.0 455
5400 9.0 2.0 550
5700 9.0 2.0 660
6000 9.0 3.0 674
6300 10.0 6.0 695
6600 13.0 7.0 714
6900 14.0 10.0 730
7200 23.0 9.0 783
7500 22.0 16.0 791
7800 25.0 17.0 803
8100 29.0 18.0 824
8400 30.0 20.0 830
8700 32.0 21.0 844
9000 37.0 22.0 895
9300 41.0 23.0 1100
9600 44.0 23.0 1290
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9900 39.0 23.0 1430
10200 50.0 24.0 1555
10500 55.0 24.0 1702
10800 61.0 24.0 1860
11100 66.0 24.0 2010
11400 71.0 24.0 2136
11700 76.0 24.0 2300
12000 81.0 24.0 2430
12900 95.0 25.0 2750
13200 100.0 25.0 2850
13500 105.0 25.0 2974
14100 120.0 25.0 3250
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Run #: 184
Production Pressure: 600 psig 
Temperature: 70.6 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10% C02/90% CH 4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp N p Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 3000
600 7.0 0.0 3643
900 7.0 0.0 3755
1200 7.0 0.0 3803
1500 7.0 0.0 3803
1800 7.0 0.0 3803
2100 7.0 0.0 3803
2400 7.0 0.0 3803
2700 7.0 0.0 3803
3000 7.0 0.0 3803
3300 7.0 0.0 3803
3600 7.0 0.0 3803
3900 7.0 0.0 3803
4200 7.0 0.0 3803
4500 7.0 0.0 3803
4800 7.0 0.0 3803
5100 7.0 0.0 4250
5400 7.0 0.0 4300
5700 7.0 0.0 4425
6000 7.0 0.0 4567
6300 7.0 0.0 4627
6600 7.0 0.0 4657
6900 7.0 0.0 4730
7200 7.0 0.0 4731
7500 - - -
7800 7.0 0.0 4744
8100 7.0 0.0 4780
8400 7.0 0.0 4835
8700 7.0 0.0 4880
9000 8.0 0.0 4915
9300 8.0 0.0 4969
9600 8.0 0.0 5050
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9900 8.0 0.0 5110
10200 8.0 0.0 5125
10500 11.0 0.0 5158
10800 13.0 0.0 5218
11100 8.0 4.0 5304
11400 8.0 9.0 5380
11700 8.0 14.0 5405
12000 9.0 18.0 5490
12300 9.0 22.0 5523
12600 9.0 26.0 5558
12900 9.0 30.0 5596
13200 9.0 34.0 5643
13500 9.0 38.0 5685
13800 9.0 42.0 5725
14100 9.0 45.0 5780
14400 9.0 48.0 5827
14700 11.0 51.0 5890
15000 13.0 53.0 5934
15300 13.0 54.0 5977
15600 18.0 56.0 6035
15900 24.0 56.0 6115
16200 25.0 58.0 6170
16500 29.0 58.0 6240
16800 33.0 59.0 6314
17100 37.0 60.0 6383
17400 45.0 60.0 6450
17700 46.0 60.0 6533
18000 51.0 60.0 6594
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Run#: 185
Production Pressure: 550 psig 
Temperature: 70.4 Deg.F 
Slug Size: 0.25 gm-mole
Type: 10%CO2/90%N2 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 1.0 450
600 9.0 1.0 698
900 9.0 1.0 714
1200 9.0 1.0 714
1500 9.0 1.0 714
1800 10.0 1.0 730
2100 10.0 1.0 773
2400 10.0 1.0 813
2700 10.0 1.0 864
3000 10.0 1.0 903
3300 10.0 1.0 930
3600 10.0 1.0 956
3900 10.0 1.0 975
4200 10.0 1.0 1044
4500 10.0 1.0 1123
4800 10.0 1.0 1220
5100 10.0 3.0 1290
5400 10.0 4.0 1332
5700 12.0 5.0 1385
6000 16.0 6.0 1445
6300 18.0 8.0 1496
6600 18.0 12.0 1560
6900 20.0 14.0 1634
7200 24.0 16.0 1685
7500 27.0 18.0 1735
7800 30.0 20.0 1784
8100 30.0 25.0 1835
8400 32.0 29.0 1865
8700 35.0 30.0 1925
9000 38.0 32.0 1950
9300 42.0 33.0 1995
9600 47.0 33.0 2010
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10200 57.0 33.0 2010
10800 66.0 34.0 2010
11400 76.0 34.0 2050
12000 86.0 34.0 2119
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Run #: 186
Production Pressure: 600 psig 
Temperature: 72.8 Deg.F 
Slug Size: 0.25 gm-mole
Type: 10%C02/90%N2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 3.0 2.0 1470
600 6.0 3.0 1570
900 9.0 3.0 1802
1200 9.0 3.0 1806
1500 11.0 4.0 1822
1800 12.0 6.0 1822
2100 15.0 6.0 1850
2400 19.0 7.0 1906
2700 24.0 7.0 2030
3000 29.0 8.0 2155
3300 33.0 9.0 2256
3600 37.0 10.0 2306
3900 41.0 11.0 2306
4200 41.0 12.0 2336
4500 42.0 13.0 2413
4800 44.0 13.0 2426
5100 47.0 13.0 2432
5400 50.0 14.0 2465
5700 56.0 14.0 2530
6000 61.0 14.0 2546
6300 65.0 15.0 2560
6600 68.0 17.0 2600
6900 72.0 18.0 2630
7200 75.0 20.0 2635
7500 78.0 20.0 2645
7800 78.0 22.0 2655
8100 78.0 22.0 2663
8400 79.0 23.0 2675
8700 79.0 24.0 2690
9000 80.0 25.0 2706
9300 83.0 26.0 2714
9600 86.0 27.0 2721
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9900 90.0 27.0 2755
10200 93.0 28.0 2773
10500 96.0 28.0 2800
10800 101.0 29.0 2840
11100 106.0 29.0 2864
11400 110.0 30.0 2872
11700 115.0 30.0 2910
12000 119.0 30.0 1937
12300 124.0 30.0 2940
12600 129.0 30.0 2940
12900 135.0 30.0 2950
13200 140.0 30.0 2960
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Run#: 187
Production Pressure: 540 psig 
Temperature: 73.9 Deg.F 
Slug Size: 0.308 gm-mole 
Type: C 0 2  huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.0 0.0 0
900 1.0 0.0 0
1200 2.0 0.0 0
1500 4.0 0.0 0
1800 5.0 0.0 0
2100 6.0 0.0 0
2400 7.0 0.0 0
2700 10.0 0.0 0
3000 10.0 0.0 70
3300 10.0 0.0 200
3600 10.0 0.0 300
3900 10.0 1.0 450
4200 11.0 6.0 700
4500 12.0 8.0 850
4800 15.0 10.0 1000
5100 21.0 11.0 1140
5400 24.0 12.0 1250
5700 29.0 12.0 1360
6000 34.0 13.0 1470
6300 39.0 13.0 1600
6600 44.0 13.0 1700
6900 48.0 14.0 1790
7200 54.0 14.0 1900
7500 59.0 14.0 2000
7800 63.0 14.0 2080
8100 67.0 15.0 2180
8400 72.0 15.0 2270
8700 76.0 15.0 2360
9000 81.0 15.0 2440
9300 86.0 15.0 2540
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Run #: 188
Production Pressure: 480 psig 
Temperature: 72.9 Deg.F 
Slug Size: 0.308 gm-mole 
Type: C 0 2  huff & puff (10 hrs soak)
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 -
600 -
900 -
1200 
1500 
1800 
2100 
2400 
2700
3000 10.0 0.0 76
3300 12.0 0.0 260
3600 12.0 2.0 337
3900 14.0 4.0 436
4200 17.0 6.0 535
4500 20.0 4.0 690
4800 25.0 7.0 780
5100 29.0 8.0 850
5400 34.0 8.0 925
5700 39.0 8.0 1015
6000 43.0 9.0 1060
6300 48.0 9.0 1105
6600 53.0 9.0 1200
6900 58.0 9.0 1330
7200 63.0 9.0 1410
7500 68.0 9.0 1500
7800 73.0 9.0 1545
8100 78.0 9.0 1600
8400 83.0 9.0 1640
8700 88.0 9.0 1664
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Run #: 189
Production Pressure: 480 psig 
Temperature: 72.9 Deg.F 
Slug Size: 0.246 gm-mole
Type: 50% C02/50% CH4 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 _ 12
600 10.0 0.0 26
900 10.0 1.0 127
1200 10.0 1.0 210
1500 10.0 1.0 260
1800 10.0 1.0 330
2100 10.0 1.0 380
2400 10.0 1.0 424
2700 10.0 1.0 500
3000 10.0 1.0 610
3300 10.0 1.0 732
3600 10.0 3.0 804
3900 10.0 5.0 895
4200 10.0 8.0 957
4500 10.0 12.0 1033
4800 12.0 16.0 1160
5100 15.0 17.0 1223
5400 20.0 18.0 1310
5700 23.0 20.0 1357
6000 26.0 22.0 1367
6300 30.0 22.0 1387
6600 35.0 22.0 1440
6900 40.0 22.0 1490
7200 45.0 22.0 1543
7500 51.0 22.0 1560
7800 56.0 22.0 1602
8100 60.0 22.0 1645
8400 66.0 22.0 1700
8700 70.0 22.0 1750
9000 75.0 22.0 1783
9300 80.0 22.0 1830
9600 84.0 23.0 1850
9900 89.0 23.0 1870
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10200 94.0
10500 99.0
10800 104.0
11100 111.0
11400 111.0
23.0 1895
23.0 1920
23.0 1935
23.0 1978
23.0 1978
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Run #: 190
Production Pressure: 500 psig 
Temperature: 74.3 Deg.F 
Slug Size: 0.246 gm-mole
Type: 50%C02/50%CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 6.0 0.0 40
600 10.0 0.0 85
900 10.0 0.0 117
1200 10.0 0.0 155
1500 10.0 0.0 196
1800 10.0 0.0 230
2100 10.0 0.0 262
2400 10.0 0.0 298
2700 10.0 0.0 340
3000 10.0 0.0 376
3300 10.0 0.0 445
3600 10.0 0.0 470
3900 10.0 0.0 500
4200 10.0 0.0 514
4500 10.0 0.0 550
4800 10.0 0.0 555
5100 10.0 0.0 568
5400 10.0 0.0 600
5700 10.0 0.0 750
6000 10.0 1.0 790
6300 13.0 3.0 850
6600 17.0 3.0 860
6900 19.0 4.0 895
7200 22.0 4.0 950
7500 24.0 5.0 1015
7800 25.0 7.0 1098
8100 25.0 12.0 1200
8400 29.0 13.0 1240
8700 32.0 15.0 1320
9000 34.0 17.0 1357
9300 39.0 17.0 1416
9600 44.0 17.0 1470
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9900 49.0 17.0 1520
10200 54.0 17.0 1570
10500 59.0 17.0 1595
10800 64.0 17.0 1633
11100 69.0 17.0 1671
11400 74.0 17.0 -
11700 79.0 17.0 -
12000 84.0 17.0 -
12300 89.0 17.0 -
12600 93.5 17.5 1890
12900 98.5 17.5 1920
13200 108.5 17.5 2015
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R un#: 191
Production Pressure: 550 psig 
Temperature: 75.0 Deg.F 
Slug Size: 0.246 gm-mole
Type: 10%C02/90%N2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 7.0 1.0 515
600 9.0 1.0 522
900 9.0 2.0 524
1200 9.0 3.0 554
1500 9.0 3.0 615
1800 9.0 3.0 661
2100 9.0 3.0 740
2400 9.0 3.0 755
2700 9.0 3.0 804
3000 9.0 3.0 834
3300 9.0 3.0 1095
3600 9.0 5.0 1145
3900 9.0 7.0 1165
4200 9.0 8.0 1174
4500 9.0 13.0 1210
4800 9.0 16.0 1225
5100 9.0 20.0 1245
5400 9.0 23.0 1265
5700 9.0 28.0 1267
6000 12.0 31.0 1296
6300 15.0 32.0 1310
6600 18.0 33.0 1332
6900 23.0 33.0 1350
7200 27.0 34.0 1370
7500 31.0 35.0 1390
7800 35.0 36.0 1406
8100 38.0 38.0 1430
8400 41.0 40.0 1440
8700 46.0 41.0 1445
9000 50.0 41.0 1450
9300 54.0 43.0 1450
9600 59.0 43.0 1450
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9900 63.0 44.0 1455
10200 67.0 45.0 1460
10500 71.0 46.0 1466
10800 76.0 46.0 1470
11100 81.0 46.0 1480
11400 86.0 46.0 1491
11700 91.0 46.0 1510
12000 96.0 46.0 1520
12300 101.0 46.0 1530
12600 106.0 46.0 1538
12900 112.0 46.0 1548
13200 120.0 46.0 1568
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Run #: 192
Production Pressure: 690 psig 
Temperature: 75.7Deg.F 
Slug Size: 0.246 gm-mole
Type: 10%C02/90%N2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 7.0 1.0 2150
600 10.0 2.0 2160
900 10.0 2.0 2170
1200 10.0 2.0 2240
1500 10.0 2.0 2260
1800 10.0 2.0 2269
2100 10.0 2.0 2296
2400 10.0 2.0 2400
2700 10.0 2.0 2510
3000 10.0 3.0 2560
3300 10.0 5.0 2575
3600 10.0 7.0 2578
3900 10.0 10.0 2583
4200 10.0 15.0 2640
4500 11.0 18.0 2673
4800 15.0 20.0 2692
5100 17.0 22.0 2705
5400 19.0 24.0 2713
5700 21.0 25.0 2729
6000 25.0 26.0 2745
6300 30.0 26.0 2770
6600 36.0 26.0 2790
6900 41.0 26.0 2800
7200 44.0 27.0 2805
7500 48.0 27.0 2810
7800 51.0 27.0 2831
8100 55.0 28.0 2834
8400 59.0 29.0 2845
8700 63.0 30.0 2852
9000 66.0 32.0 2865
9300 72.0 32.0 2885
9600 78.0 32.0 2900
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9900 82.0 33.0 2916
10200 87.0 33.0 2918
10500 91.0 34.0 2930
10800 96.0 34.0 2948
11100 99.0 35.0 2964
11400 103.0 36.0 2977
11700 107.0 36.0 2986
12000 110.0 37.0 2994
12300 114.0 38.0 3009
12600 119.0 38.0 3015
12900 123.0 39.0 3020
13200 128.0 39.0 3028
13500 132.0 40.0 3038
13800 137.0 40.0 3045
14100 142.0 40.0 3057
14400 150.0 40.0 3070
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R un#: 193
Production Pressure: 520 psig 
Temperature: 74.0 Deg.F 
Slug Size: 0.254 gm-mole
Type: 25% C02/75%CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp N p Gp
(sec.) (cc) (cc) (cc)
300 5.0 1.0 260
600 8.0 1.0 310
900 8.0 1.0 365
1200 8.0 1.0 420
1500 8.0 1.0 475
1800 8.0 1.0 540
2100 8.0 1.0 573
2400 8.0 1.0 634
2700 8.0 1.0 690
3000 8.0 1.0 747
3300 8.0 1.0 790
3600 8.0 1.0 837
3900 8.0 1.0 880
4200 8.0 1.0 890
4500 8.0 1.0 950
4800 8.0 1.0 985
5100 8.0 1.0 1033
5400 8.0 1.0 1140
5700 8.0 1.0 1230
6000 8.0 4.0 1277
6300 8.0 7.0 1305
6600 8.0 10.0 1402
6900 8.0 13.0 1480
7200 9.0 16.0 1585
7500 10.0 20.0 1610
7800 11.0 24.0 1705
8100 12.0 28.0 1784
8400 14.0 31.0 1833
8700 17.0 33.0 1850
9000 21.0 34.0 1860
9300 25.0 35.0 1875
9600 30.0 35.0 1905
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9900 34.0 35.0 1922
10200 39.0 36.0 1946
10500 44.0 36.0 1995
10800 49.0 36.0 2010
11100 52.0 37.0 2023
11400 57.0 37.0 2041
11700 61.0 38.0 2057
12000 76.0 38.0 2078
12300 71.0 39.0 2102
12600 76.0 39.0 2130
12900 81.0 39.0 2158
13200 86.0 39.0 2182
13500 91.0 39.0 2210
13800 111.0 39.0 2269
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Run#: 194
Production Pressure: 525 psig 
Temperature: 72.5 Deg.F 
Slug Size: 0.54gm-mole
Type: 25% C02/75% CH4 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 7.0 0.0 342
600 9.0 1.0 360
900 9.0 1.0 400
1200 9.0 1.0 436
1500 9.0 1.0 470
1800 9.0 1.0 509
2100 9.0 1.0 542
2400 9.0 1.0 594
2700 9.0 1.0 650
3000 9.0 1.0 690
3300 9.0 1.0 730
3600 9.0 1.0 745
3900 9.0 1.0 755
4200 9.0 1.0 765
4500 9.0 1.0 804
4800 9.0 1.0 858
5100 9.0 1.0 924
5400 9.0 1.0 1005
5700 9.0 1.0 1087
6000 9.0 2.0 1150
6300 11.0 3.0 1158
6600 13.0 4.0 1195
6900 17.0 5.0 1225
7200 20.0 5.0 1260
7500 23.0 5.0 1299
7800 25.0 6.0 1331
8100 29.0 6.0 1352
8400 36.0 6.0 1440
8700 43.5 6.5 1544
9000 49.5 6.5 1590
9300 55.5 6.5 1605
9600 60.5 6.5 1615
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9900 65.5 6.5 1625
10200 70.5 6.5 1638
10500 75.5 6.5 1655
10800 80.5 6.5 1685
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Run#: 195
Production Pressure: 500 psig 
Temperature: 70.8 Deg.F 
Slug Size: 0..263 gm-mole
Type: 25%C02/75%N2 huff & puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 2.0 0
600 7.0 3.0 9
900 9.0 3.0 70
1200 10.0 3.0 140
1500 10.0 3.0 182
1800 10.0 3.0 241
2100 10.0 3.0 297
2400 10.0 3.0 400
2700 10.0 3.0 485
3000 10.0 3.0 520
3300 10.0 3.0 685
3600 10.0 6.0 720
3900 10.0 8.0 750
4200 10.0 13.0 840
4500 10.0 18.0 870
4800 13.0 20.0 934
5100 15.0 23.0 1000
5400 20.0 25.0 1040
5700 21.0 28.0 1075
6000 24.0 30.0 1123
6300 26.0 34.0 1164
6600 30.0 35.0 1186
6900 34.0 36.0 1220
7200 39.0 36.0 1230
7500 44.0 36.0 1248
7800 49.0 36.0 1280
8100 54.0 36.0 1305
8400 59.0 36.0 1328
8700 64.0 36.0 1347
9000 70.0 36.0 1369
9300 75.0 36.0 1401
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9600 80.0 36.0 1436
9900 85.0 36.0 1465
10200 90.0 36.0 1482
10500 95.0 36.0 1500
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Run #: 196
Production Pressure: 600 psig 
Temperature: 73.1 Deg.F 
Slug Size: 0.263 gm-mole
Type: 25%C02/75%N2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 4.0 1283
600 4.0 6.0 1283
900 4.0 6.0 1290
1200 4.0 6.0 1312
1500 4.0 7.0 1343
1800 4.0 7.0 1373
2100 4.0 7.0 1420
2400 4.0 7.0 1445
2700 4.0 7.0 1475
3000 4.0 7.0 1528
3300 4.0 7.0 1564
3600 5.0 7.0 1670
3900 5.0 7.0 1740
4200 5.0 7.0 1850
4500 5.0 10.0 1908
4800 7.0 10.0 1945
5100 9.0 11.0 1965
5400 14.0 11.0 1995
5700 18.0 12.0 2018
6000 21.0 13.0 2025
6300 25.0 14.0 2049
6600 29.0 15.0 2080
6900 33.0 16.0 2120
7200 36.0 17.0 2140
7500 40.0 17.0 2172
7800 43.0 18.0 2175
8100 48.0 18.0 2198
8400 52.0 19.0 2215
8700 57.0 19.0 2246
9000 61.0 20.0 2280
9300 68.0 21.0 2310
9600 70.0 21.0 2345
Reproduced with permission of the copyright owner. Further reproduction prohibited without permission.
199
9900 74.0 22.0 2378
10200 79.0 22.0 2390
10500 83.0 23.0 2420
10800 83.0 23.0 2450
11100 93.0 23.0 2478
11400 97.0 24.0 2500
11700 103.0 24.0 2519
12000 105.3 25.7 2519
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Run#: 197
Production Pressure: 1603 psig 
Temperature: 77.0 Deg.F 
Slug Size: 0..301 gm-mole
Type: 10%C02/90%N2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 1.0 0.0 0
600 5.0 0.0 0
900 11.0 0.0 0
1200 11.0 1.0 273
1500 12.0 5.0 300
1800 16.0 6.0 315
2100 20.0 7.0 330
2400 25.0 7.0 350
2700 30.0 7.0 366
3000 35.0 7.0 387
3300 40.0 7.0 408
3600 44.0 8.0 430
3900 49.0 8.0 450
4200 54.0 8.0 455
4500 59.0 8.0 460
4800 64.0 8.0 470
5100 69.0 8.0 490
5400 73.0 9.0 505
5700 78.0 9.0 522
6000 83.0 9.0 543
6300 89.0 9.0 558
6600 94.0 9.0 575
6900 98.0 9.0 587
7200 103.0 9.0 600
7500 107.0 10.0 618
7800 112.0 10.0 633
8100 117.0 10.0 648
8400 121.0 11.0 665
8700 126.0 11.0 679
9000 131.0 11.0 690
9300 136.0 11.0 697
9600 141.0 11.0 700
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9900 146.0 11.0 704
10200 151.0 11.0 709
10500 156.0 11.0 723
10800 161.0 11.0 740
11100 166.0 11.0 751
11400 171.0 11.0 760
11700 176.0 11.0 781
12000 181.0 11.0 795
12300 186.0 11.0 800
12600 191.0 11.0 808
12900 196.0 11.0 815
13200 201.0 11.0 823
13500 207.0 11.0 830
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Run #: 198
Production Pressure: 1650 psig 
Temperature: 81.0Deg.F 
Slug Size: 0.301 gm-mole
Type: 10%CO2/90%N2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 0.0 8
600 7.0 0.0 14
900 12.0 0.0 70
1200 12.0 0.0 530
1500 12.0 3.0 600
1800 15.0 5.0 638
2100 19.0 6.0 700
2400 23.0 7.0 755
2700 27.0 8.0 783
3000 31.0 9.0 815
3300 35.0 10.0 860
3600 40.0 10.0 893
3900 44.0 11.0 930
4200 48.0 12.0 960
4500 52.0 13.0 185
4800 57.0 13.0 1015
5100 61.0 14.0 1042
5400 66.0 14.0 1065
5700 71.0 14.0 1088
6000 77.0 14.0 1110
6300 82.0 14.0 1131
6600 87.0 14.0 1163
6900 93.0 14.0 1182
7200 98.0 14.0 1205
7500 103.0 14.0 1221
7800 108.0 14.0 1242
8100 113.0 14.0 1263
8400 118.0 14.0 1280
8700 123.0 14.0 1305
9000 129.0 14.0 1331
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Run#: 199
Production Pressure: 1600 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.81 gm-mole
Type: 10% C02/90%N2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp N p Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.5 0.5 0
900 1.0 1.0 0
1200 1.5 1.0 0
1500 2.0 1.0 0
1800 3.0 2.0 0
2100 4.0 3.0 0
2400 7.0 3.0 0
2700 8.0 4.0 0
3000 8.0 5.0 0
3300 11.0 7.0 0
3600 11.0 11.0 0
3900 12.0 15.0 0
4200 14.0 18.0 80
4500 17.0 20.0 120
4800 20.0 22.0 150
5100 22.0 25.0 192
5400 24.0 29.0 216
5700 26.0 33.0 290
6000 28.0 35.0 322
6300 30.0 38.0 370
6600 31.0 42.0 400
6900 34.0 44.0 425
7200 39.0 45.0 452
7500 45.0 45.0 472
7800 49.0 46.0 498
8100 54.0 46.0 500
8400 59.0 46.0 500
8700 64.0 46.0 520
9000 68.0 47.0 541
9300 74.0 47.0 566
9600 78.0 48.0 580
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9900 83.0
10200 88.0
10500 94.0
10800 99.0
11100 103.0
11400 108.0
11700 113.0
12000 117.0
12300 122.0
12600 127.0
12900 131.0
13200 136.0
13500 140.0
13800 146.0
14400 155.0
15000 165.0
15600 175.0
16200 186.0
16800 206.0
48.0 600
48.0 620
48.0 638
48.0 640
49.0 654
49.0 680
49.0 694
50.0 710
50.0 731
50.0 741
51.0 758
51.0 774
52.0 780
52.0 800
53.0 838
53.0 859
54.0 902
54.0 925
54.0 950
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Run#: 200
Production Pressure: 1650 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.81 gm-mole
Type: 10%C02/90%N2 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 2.0 4.0 635
600 2.0 6.0 1115
900 2.0 6.0 1450
1200 2.0 6.0 1660
1500 2.0 6.0 1774
1800 2.0 6.0 1890
2100 2.0 6.0 1972
2400 2.0 6.0 2082
2700 2.0 6.0 2320
3000 2.0 6.0 2624
3300 2.0 6.0 2991
3600 2.0 5.0 3300
3900 2.0 10.0 3320
4200 7.0 10.0 3395
4500 20.0 10.0 3402
4800 14.0 11.0 3440
5100 19.0 11.0 3478
5400 24.0 11.0 3500
5700 29.0 11.0 3528
6000 33.0 12.0 3548
6300 38.0 12.0 3576
6600 43.0 12.0 3600
6900 48.0 12.0 3612
7200 52.0 13.0 3632
7500 57.0 13.0 3657
7800 62.0 13.0 3668
8100 66.0 14.0 3682
8400 71.0 14.0 3700
8700 76.0 14.0 3726
9000 81.0 14.0 3749
9300 85.0 15.0 3784
9600 89.0 16.0 3812
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9900 94.0 16.0 3828
10200 98.0 17.0 3846
10800 108.0 17.0 3900
11400 117.0 18.0 3934
12000 126.0 19.0 3979
12600 135.0 20.0 4005
13200 145.0 20.0 4050
13800 155.0 20.0 4082
14400 164.0 21.0 4111
15000 174.0 21.0 4142
15600 184.0 22.0 4176
16200 194.0 22.0 4212
16800 223.0 22.0 4308
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Run#: 201
Production Pressure: 1600 psig 
Temperature: 79.0 Deg.F 
Slug Size: 0.27 gm-mole
Type: 10% C02/90% CH4 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 2.0 0.0 0
900 4.0 0.0 0
1200 5.0 0.0 0
1500 9.0 1.0 105
1800 9.0 2.0 590
2100 10.0 3.0 1192
2400 13.0 4.0 1278
2700 15.0 7.0 1416
3000 15.0 12.0 1579
3300 15.0 17.0 1778
3600 15.0 22.0 1886
3900 15.0 26.0 2020
4200 15.0 31.0 2190
4500 19.0 32.0 2344
4800 23.0 33.0 2424
5100 25.0 36.0 2500
5400 28.0 48.0 2540
5700 30.0 41.0 2592
6000 33.0 42.0 2644
6300 38.0 42.0 2690
6600 43.0 42.0 2738
6900 48.0 42.0 2784
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Run#: 202
Production Pressure: 1600 psig 
Temperature: 80.0 Deg.F 
Slug Size: 0.27 gm-mole
Type: 10%C02/90%CH4 huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.0 1.0 0
900 1.0 1.0 210
1200 2.0 2.0 238
1500 3.0 2.0 478
1800 3.0 2.0 680
2100 3.0 2.0 890
2400 3.0 2.0 1210
2700 3.0 2.0 1644
3000 3.0 2.0 2092
3300 4.0 3.0 2120
3600 4.0 5.0 2170
3900 8.0 7.0 2270
4200 13.0 7.0 2242
4500 19.0 7.0 2298
4800 24.0 8.0 2322
5100 29.0 8.0 2346
5400 33.0 9.0 2384
5700 38.0 9.0 2418
6000 43.0 9.0 2443
6300 47.0 10.0 2480
6600 52.0 10.0 2512
6900 57.0 10.0 2538
7200 62.0 11.0 2552
7500 67.0 11.0 2584
7800 72.0 11.0 2602
8100 77.0 11.0 2638
8400 82.0 11.0 2662
8700 86.0 12.0 2694
9000 91.0 12.0 2722
9600 97.0 12.0 2768
10200 107.0 12.0 2796
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10800 118.0 12.0 2855
11400 128.0 12.0 2892
12000 138.0 12.0 2930
12600 148.0 12.0 3040
13200 158.0 12.0 3090
13800 184.0 12.0 4200
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Run #: 203
Production Pressure: 500 psig
Temperature: 79.0 Deg.F
Slug Size: 0.271 gm-mole
Type: 50% C02/50%N2 huff 8c puff (17 hrs soak)
Huff, puff injection rate: 60 cc/hr
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.0 0.0 0
900 0.0 0.0 0
1200 0.0 0.0 0
1500 0.0 0.0 0
1800 4.0 0.0 4
2100 9.0 0.0 9
2400 10.0 0.0 10
2700 16.0 0.0 138
3000 16.0 3.0 220
3300 16.0 7.0 323
3600 16.0 11.0 425
3900 18.0 14.0 495
4200 21.0 16.0 545
4500 25.0 17.0 590
4800 30.0 18.0 651
5100 35.0 18.0 705
5400 40.0 18.0 765
5700 45.0 18.0 828
6000 49.0 19.0 832
6300 54.0 19.0 940
6600 58.0 20.0 995
6900 63.0 20.0 1045
7200 68.0 20.0 1092
7500 73.0 20.0 1140
7800 76.0 21.0 1176
8100 82.0 21.0 1225
8400 87.0 21.0 1323
8700 127.0 21.0 1568
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Run #: 204
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.271 gm-mole
Type: 50% C02/50% N2 huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 15.0 0.0 75
600 15.0 0.0 110
900 15.0 0.0 150
1200 16.0 0.0 186
1500 16.0 0.0 215
1800 16.0 0.0 256
2100 16.0 0.0 306
2400 16.0 0.0 374
2700 16.0 0.0 425
3000 18.0 0.0 537
3300 19.0 1.0 665
3600 20.0 3.0 750
3900 20.0 4.0 888
4200 21.0 4.0 995
4500 22.0 5.0 1040
4800 22.0 7.0 1105
5100 23.0 8.0 1155
5400 26.0 8.0 1162
5700 31.0 8.0 1222
6000 35.0 8.0 1256
6300 38.0 8.0 1281
6600 42.0 8.0 1300
6900 46.0 8.0 1362
7200 52.0 8.0 1432
7500 60.0 8.0 1550
7800 70.0 8.0 1671
8100 79.0 9.0 1802
8400 96.0 14.0 2242
8700 117.0 18.0 2298
9000 172.0 18.0 2682
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Run #: 205
Production Pressure: 1600 psig 
Temperature: 80.0 Deg.F 
Slug Size: 3.154 gm-mole 
Type: C 0 2  huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 0
600 10.0 1.0 925
900 13.0 1.0 1500
1200 14.0 1.0 2023
1500 14.0 1.0 2227
1800 14.0 1.0 3773
2100 14.0 1.0 5807
2400 14.0 1.0 7267
2700 14.0 1.0 9879
3000 14.0 1.0 12497
3300 14.0 1.0 14880
3600 14.0 1.0 16801
3900 14.0 3.0 17859
4200 14.0 6.0 19553
4500 14.0 9.0 20733
4800 14.0 15.0 21923
5100 14.0 17.0 22881
5400 14.0 20.0 23333
5700 14.0 23.0 23803
6000 14.0 26.0 24278
6300 14.0 30.0 24883
6600 15.0 33.0 25383
6900 16.0 35.0 25903
7200 16.0 39.0 26398
7500 17.0 42.0 27448
7800 19.0 45.0 27729
8100 22.0 47.0 27838
8400 27.0 47.0 28018
8700 31.0 48.0 28118
9000 36.0 48.0 28217
9300 41 48.0 28298
9600 44 48.0 28399
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10200 44
10800 61
11400 61
12000 61
12600 137
13200 138
48.0 28399
48.0 28699
48.0 28699
48.0 28699
48.0 30442
48.0 30389
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Run #: 206
Production Pressure: 1600 psig 
Temperature: 81.0 Deg.F 
Slug Size: 3.154 gm-mole 
Type: C 0 2  huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 2.0 0.0 190
600 6.0 1.0 208
900 8.0 1.0 1598
1200 8.0 1.0 3570
1500 8.0 1.0 4780
1800 8.0 1.0 6895
2100 8.0 1.0 8743
2400 8.0 1.0 11028
2700 8.0 1.0 12988
3000 8.0 1.0 15503
3300 8.0 1.0 17865
3600 8.0 1.0 19558
3900 8.0 1.0 21443
4200 8.0 1.0 23613
4500 14.0 1.0 25785
4800 19.0 1.0 27853
5100 19.0 1.0 28353
5400 19.0 3.0 29569
5700 19.0 5.0 29973
6000 19.0 6.0 30953
6300 21.0 7.0 31808
6600 23.0 8.0 32653
6900 24.0 11.0 33561
7200 24.0 14.0 34143
7500 26.0 16.0 35343
7800 27.0 18.0 35680
8100 31.0 19.0 35977
8400 35.0 20.0 36193
8700 39.0 21.0 36413
9000 44.0 21.0 36649
9600 54.0 21.0 36969
10200 64.0 21.0 37275
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10800 73.0
215
21.0 37587
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Run #: 207
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.298 gm-mole 
Type: C 0 2  huff & puff (17 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 12.0 0.0 66
600 12.0 0.0 122
900 12.0 0.0 209
1200 14.0 0.0 274
1500 14.0 0.0 374
1800 14.0 0.0 560
2100 14.0 0.0 657
2400 14.0 2.0 810
2700 14.0 6.0 1000
3000 14.0 11.0 1202
3300 15.0 13.0 1404
3600 17.0 17.0 1546
3900 21.0 18.0 1690
4200 25.0 18.0 1748
4800 34.0 19.0 1959
5400 45.0 19.0 2212
6000 54.0 20.0 2478
6600 64.0 20.0 2594
7200 73.0 20.0 2822
7800 83.0 20.0 3053
8400 94.0 20.0 3238
9600 117.0 20.0 3598
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Run#: 208
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.298 gm-mole 
Type: C 0 2  huff & puff (10 hrs soak) 
Huff, puff injection rate: 60 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 4.0 0.0 0
600 7.0 0.0 0
900 12.0 0.0 10
1200 12.0 0.0 20
1500 13.0 0.0 137
1800 15.0 0.0 241
2100 15.0 0.0 434
2400 19.0 0.0 489
2700 23.0 0.0 576
3000 25.0 3.0 698
3300 29.0 4.0 846
3600 33.0 5.0 930
4200 43.0 5.0 1062
4800 52.0 6.0 1364
5400 63.0 6.0 1610
7200 93.0 6.0 2190
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Run#: 209
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10%C02/90%N2 Sequential huff & puff (10 hrs soak) 
Huff, puff injection rate: 64 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 1.0 5
600 10.0 2.0 10
900 14.0 3.0 78
1200 16.0 5.0 83
1500 20.0 6.0 94
1800 20.0 6.0 94
2100 20.0 6.0 94
2400 36.0 8.0 118
2700 36.0 8.0 118
3600 64.0 10.0 150
4200 84.0 15.0 200
7200 121.0 16.0 240
9000 146.0 16.0 271
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Run#: 210
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10%C02/90%N2 Sequential huff & puff (10 hrs soak) 
Huff, puff injection rate: 64 cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 0.0 0.0 0
600 0.0 0.0 0
900 2.0 1.0 0
1200 3.0 2.0 0
1500 5.0 2.0 0
1800 6.0 2.0 0
2100 8.0 2.0 0
2400 8.0 2.0 42
2700 8.0 2.0 98
3000 8.0 2.0 218
3300 12.0 3.0 250
3600 16.0 4.0 255
4500 34.0 5.0 290
5400 41.0 12.0 330
6000 46.0 17.0 380
6600 62.0 18.0 430
7200 70.0 19.0 460
7800 85.0 20.0 490
8400 95.0 20.0 517
9000 105.0 20.0 550
10800 105.0 20.0 550
12600 105.0 20.0 550
14400 105.0 20.0 550
15300 147.0 25.0 658
18000 212.0 25.0 765
18780 261.0 26.0 860
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Run#: 211
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10%C02/90%N2 Mixed huff & puff (10 hrs soak) 
Huff, puff injection rate: 64 cc/hr 
First cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 5.0 0.0 0
600 7.0 1.0 0
900 9.0 1.0 0
1200 10.0 1.0 5
1500 10.0 1.0 11
1800 10.0 1.0 90
2100 10.0 1.0 200
2400 10.0 1.0 300
2700 14.0 2.0 340
3000 18.0 2.0 345
3300 21.0 4.0 360
3600 25.0 5.0 375
3900 32.0 5.0 392
4200 37.0 5.0 410
4500 40.0 7.0 430
4800 45.0 7.0 450
5400 45.0 7.0 450
6000 45.0 7.0 450
6600 85.0 7.0 540
7200 85.0 7.0 540
9600 138.0 7.0 643
10800 138.0 7.0 643
12000 138.0 7.0 643
14400 138.0 7.0 643
11520 184.0 7.0 759
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R un#: 212
Production Pressure: 500 psig 
Temperature: 78.0 Deg.F 
Slug Size: 0.26 gm-mole
Type: 10%C02/90%N2 MixedhufF & puff (10 hrs soak) 
Huff, puff injection rate: 64cc/hr 
Second cycle
Time Wp Np Gp
(sec.) (cc) (cc) (cc)
300 3.5 0.5 80
600 5.0 1.0 80
900 5.0 1.0 85
1200 7.0 1.0 120
1500 7.0 1.0 170
1800 7.0 1.0 170
2100 7.0 1.0 170
2400 7.0 1.0 170
2700 7.0 1.0 170
3000 9.0 1.0 520
3300 9.0 1.0 520
3600 17.0 2.0 540
4500 25.0 2.0 595
7620 80.0 3.0 745
11610 153.0 4.0 930
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A PPEN D IX  B 
SAMPLE CALCULATION
RUN# : 207/208
GAS TYPE : C 0 2
ENJ PRESSURE : 1630 psig 
PROD PRESSURE : 500 psig 
TEMPERATURE : 78 °F
HUFF, PUFF RATE : 64 cc/H R
GAS INJECTED : 0.2967/0.2949 g-Mole
OILFLO O D
Pore volume of the core = 777cc
STO pumped into the core = 623cc
Oil produced = 77cc
Oil left in the core = STO pumped into the core -  Oil produced (oilflood)
623 - 77 
= 546cc
Initial oil saturation (Soi) = 546/777
70.3%
W ATERFLOOD
Water pumped into the core = 580cc
Oil produced — 280cc
W ater produced = 300cc
Oil left in the core = Oil left in the core (oilflood) -  Oil produced (waterflood)
546 - 280 
= 266cc
Oil saturation after waterflood (Sorw) -  266/777
34.2%
Fraction of initial oil recovered by waterflood (E„,)« 280/546 -  51.3%
222
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1 0 0 % C Q 1 H u f f  ‘n ’ P u f f  1 s t  CYCLE
O il produced = 20cc
Oil left in the core = Oil left in the core (waterflood) -  oil produced (1st cycle)
266- 20 
= 246cc
Oil saturation after first cycle (Sor J
=246/777
31.7%
Fraction of initial oil recovered (EJ
20/546
3.66%
Fraction of waterflood residual oil recovered (Err)
20/266
7.52%
Volume of gas at room condition (14.7psia, 78 °F)
injected =0.2967 g mole * 0.837 g mole/ SCF
0.2484SCF
CO , utilization 1st cycle
= 0.2484SCF*159(Mcc/STB)/20cc oil 
1.975MSCF/bbl
100% C O ^ H u f f  *n ’ P u f f  2 n d  CYCLE 
Oil produced = 6cc
Oil left in the core = Oil left in the core (1st cycle) -  Oil produced (2nd cycle)
= 246-6 
=240cc
Oil saturation after second cycle (Sor2)
=240/777
30.9%
Fraction of initial oil recovered (EJ
=6/546 
=  1. 10%
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Fraction of waterflood residual oil recovered (EJ
=6/266
=2.26%
Fraction of cyclic gas residual oil recovered (Erc)
=6/246
=2.44%
Volume of gas at standard condition (psia, °F) 
injected =0.2949 * 0.837 
=0.2468SCF
CO , utililization 2“ cycle
=0.2468 * 159 /  6 
= 6.54MSCF/bbl
C O ,/C H 4 total utililization 1st + 2nd
=0.4952 * 159 /  26 
=3.028MSCF/bbl
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A PPEN D IX  C
“A N  INVESTIGATION O F T H E  EFFECT OF RESIDUAL- 
REM A ININ G OIL SATURATION O N  TH E CYCLIC C 0 2 PROCESS”
The cyclic gas injection process, generally referred to as huff and puff, is 
affected by several factors such as slug size, soak time, reservoir pressure, oil 
saturation and others. The effect of most of these parameters has been studied in 
the laboratory using consolidated Berea sandstone cores. The effect of remaining 
oil saturation was investigated by increasing the oil saturation was investigated by 
increasing the oil saturation in the core. However, the results were inconclusive.
To clarify the effect of oil saturation on process performance, a set of 
experiments was performed at residual oil saturation. In this set of experiments, 
the post waterflood residual oil was decreased in successive runs and data was 
collected to verify the effect of residual oil saturation on the immiscible cyclic 
injection process. A calibrated simulator was used to investigate the effect of 
residual oil saturation on recovery efficiency for the miscible case. Previously 
reported coreflood data was analyzed to verify the conclusions.
Under immiscible conditions, the recovery efficiency increased with higher 
residual oil saturations. In the miscible regime, a similar increasing trend 
occurred up to a specific saturation value, after which the recovery efficiency 
declined with increasing saturation. The difference in the results at miscible and 
immiscible conditions was attributed to the more extensive interaction of C 0 2 
and oil at miscible conditions. Conditions of high oil saturation and high oil
225
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mobility favored oil bank formation, and the formation of an oil bank would 
efficiently move oil away from the injection site, thus making it more difficult to 
recover during the puff stage.
The analysis of coreflood data from different cores showed recovery efficiency 
increasing with increasing residual oil saturation for the immiscible case, thus 
confirming the coreflood experiments. Further analysis of this data showed that 
the post-CO, residual oil saturation increases with increasing waterflood residual 
oil saturation and remains approximately constant for increasing values of 
remaining oil saturation.
A simulator calibrated for miscible conditions was used to investigate the effect 
of saturation for the miscible regime. The influence of residual oil saturation for 
miscible conditions was quite different from that observed in the immiscible 
coreflood experiments. The recovery efficiency increased with increasing residual 
oil saturation, reached a maximum, and then decreased with further increases in 
residual oil saturation. The differences between the results for the miscible and 
immiscible conditions were attributed to miscibility effects. At miscible 
conditions, CO , mixed with the oil to a greater extent during CO , injection and 
mobilized oil away from the injection site. At immiscible conditions, the 
interaction of CO , and oil were reduced and CO, by-passed some of the oil 
during injection. The combination of miscible conditions and higher oil 
saturations favored oil bank formation during the C 0 2 injection process. If an oil
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bank was formed during the huff, oil would be efficiently moved away from the 
injection point, thus becoming more difficult to recover during the puff.
In Figure C .l, the post-CO, residual oil saturation is plotted versus the 
waterflood residual oil saturation prior to gas injection. The data is for 
experiments performed under immiscible conditions. It can be seen that post- 
CO, residual oil saturation increased with waterfloood residual oil saturation. At 
remaining oil saturations, the post-CO, residual oil saturation remains constant 
with increasing remaining oil satiation. This implies that application of the cyclic 
CO, process early in the life of a reservoir has no effect on the post-C02 residual 
oil saturation.
50.00%
45.00% -
35.00% -
30.00% -
a  1st CYCLE 
•  2nd CYCLE
25.00% -
20 .00%
20 . 0% 30 .0% 40.0% 50 .0% 60.0% 70.0%
RESIDUAU'REMAINING OIL SATURATION (Sor %)
Figure A .l Post-C 02 residual oil saturation for immiscible conditions.
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